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FISCAL NOTE

STATE OF ALASKA Bill Version CSSB192(RES)
2012 LEGISLATIVE SESSION Fiscal Note Number

() Publish Date
Identifier (file name) SB192CS(RES)-DNR-DOG-Q3-13-12 Dept. Affected Natural Resources
Title Qil and Gas Production Tax Rate Appropriation Qil and Gas

Allocation Oil and Gas
Sponsor Senate Resources Committee
Requester Senate Finance OMB Component Number 439
Expenditures/Revenues (Thousands of Dallars)
Note: Amounts do not include inflation unless otherwise noted below.

Included in
FY13 G ' -
el Out-Year Cost Estimates

Appropriation FY13
Requested Request

OPERATING EXPENDITURES FY13 FY13 FY14 FY15 FY16 FY17 FY18
Personal Services 743.4 743.4 743.4 441.2 441.2 441.2
Travel

Services 139.0 139.0 99.0 47.5 47.5 47.5
Commodities 75.0

Capital Outlay
Grants, Benefits
Miscellaneous
TOTAL OPERATING 957.4 0.0 882.4 842.4 488.7 488.7 488.7

FUND SOURCE (Thousands of Dollars)

1002  Federal Receipts

1003  GF Match

1004 GF 957.4 882.4 842.4 488.7 488.7 488.7
1005 GF/Prgm (DGF)

1037  GF/MH (UGF)

1178  temp code (UGF)

TOTAL 957.4 0.0 882.4 842.4 488.7 488.7 488.7
POSITIONS
Full-time 8 0 8 8 5 5 5
Part-time
Temporary
*kk *kk *kk *kk *kk *kk *kk

CHANGE IN REVENUES
Estimated SUPPLEMENTAL (FY12) operating costs 0.0 (separate supplemental appropriation required)
(discuss reasons and fund source(s) in analysis section)

Estimated CAPITAL (FY13) costs 0.0 (separate capital appropriation required)
(discuss reasons and fund source(s) in analysis section)

Why this fiscal note differs from previous version (if initial version, please note as such)
The committee substitute has added a provision to create a petroleum information management system. The Division of Oil and Gas
develops, stores, and maintains much of the information identified for inclusion in the system.

Prepared by William C. Barron, Director Phone 907-269-8800
Division Division of Gil and Gas Date/Time 3/13/12 4:00 PM
Approved by Daniel Sullivan, Commissioner. Date 3/13/2012

Department of Natural Resources

(Revisedl 11/1872011 OTh) Page 1of 3




FISCAL NOTE

STATE OF ALASKA BILL NO. CSSB192(RES)
2012 LEGISLATIVE SESSION

Analysis

Sections 2 and 3 amend AS 31.05 by adding a new section (AS 31.05.031) which requires the Alaska Oil and Gas
Conservation Commission (AOGCC) to develop and maintain an electronic petroleum information management
system (PIMS) to archive state oil and gas information. The system will only include non-confidential information
identified in this bill and other information AOGCC determines "necessary and relevant” to oil and gas exploration,
development, and production. The Division of Oil and Gas (DOG) collects and maintains much of the information and
materials listed in the proposed bill.

DOG will be a major contributor to the petroleum management system - likely designing, developing, and
maintaining the system and associated materials. DOG currently houses the following information on: 1) unit and
joint operating agreements, 2) state oil and gas exploration licenses and oil and gas leases, 3) exploration activities
including seismic data, drilling reports, logs, geological models and maps, 4) development activities including
development plans minus expenditure projections and reservoir characteristics, 5) facility maps and studies, and 6)
abandonment plans and progress reports. DOG will conceivably have a role in contributing other information
AOGCC deems "necessary and relevant” to oil and gas exploration, development, and production. DOG stores and
maintains more than 40 years of information from Alaska's oil and gas activities. We find the directives in the
proposed bill to initiate a significant undertaking by our department and others involved in supplying the requested
information.

The committee substitute calls for providing information "in a form that is suitable for the commission to include in
the petroleum information management system." Without sufficient knowledge of what will be construed to be
"suitable" for the commission, it is assumed our information will need to re-integrated into new formats compatible
with a sophisticated system easily navigated by the public. The AOGCC and DOG data collection and management
systems are different in scale and scope, and synchronizing the systems will take considerable resources. In some
cases, information could be linked or transferred to the PIMS site quickly; however, the information requested in the
bill will demand extensive time and resources to adapt, redact, and restructure records and materials before
inclusion in the PIMS.

Developing and maintaining a petroleum information management system will not likely provide any more
information to the public than is currently available from our division. Non-confidential oil and gas information is
currently available on DOG's website or upon request in electronic and hard copy formats. We estimate the
proposed bill will initially require eight new FTEs with supporting costs and lease space expense in the division and
funds necessary to hire contractors for information technology work.

The division would need five new natural resources specialists (2 NRS Iland 3 NRS Ill) with one administrative
assistant (range 12) and two analysts (range 20) for ITfunctions during build-out starting in FY13. In addition to staff
increases, supporting costs and leased space, approximately $75,000 in funding for software, licenses, and back-up
systems is needed in FY 13. After the system build-out and population, we should be able to maintain the system
with 4-5 FTEs. We project roughly $75,000 for IT contract services in FY13 and FY 14, $35,000 in FY15, and
potentially no funds thereafter. Since we are not forecasting additional state revenue for these sections of the
proposed bill, the significant costs incurred in developing and maintaining a new location for DOG information
results in a negative fiscal impact to the state for years to come.

Storage for DOG seismic data (2-3 terrabytes) is too large to be stored in existing storage and therefore the division
anticipates needing to contract with an electronic storage provider which could cost hundreds of thousands of
dollars annually. This could happen as soon as the start of the system in FY 2013 and would be triggered by the need
to segregate and store existing data within DNR. The Division has not yet formally priced this cost of data storage
but DNR internal IT managers estimate a significant cost.

(R V1702 Page 2 of 3



FISCAL NOTE

STATE OF ALASKA BILL NO. CSSB192(RES)
2012 LEGISLATIVE SESSION

Analysis Continued

CSSB192(RES) will also have impacts on oil production which impacts royalty revenue tracked by DO&G. Section 6
imposes a hard minimum tax (a minimum tax that cannot be reduced by credits) of 10% on production from large
legacy fields (cumulative production over a billion barrels and current production over 100,000 barrels a day).
Currently, the only fields that would qualify are the Prudhoe Bay and Kuparuk Units. Section 6 would substitute this
tax for a minimum tax of 4% (when the West Coast ANS price exceeds $25 per barrel) on the gross value at the point
of production for the North Slope. This minimum can be reduced by credits.

The proposed hard minimum tax on production tax value at the Prudhoe Bay and Kuparuk Units will tend to
discourage investment by Unit owners if those owners perceive the possibility of the minimum tax applying. Ifthe
minimum tax applies then the owners lose the tax benefits associated with the ability to deduct additional spending
in both fields. All else equal, this will have an indeterminate negative impact on royalty revenue at Prudhoe Bay and
Kuparuk.

Section 7 lowers the rate of increase in the production tax rate from 0.4% to 0.35% per dollar of production tax value
per barrel above $30 until the total tax rate (the base 25% plus the index based or progressive rate) equals 50%.

This bill also requires a separate production tax value per barrel calculation for gas sold outside the State. Section 14
would have the Department of Revenue issue regulations allocating costs to exported gas based on the gross value
at the point of production for that gas versus that of other oil and gas production. Requiring a separate production
tax value per barrel calculation for gas sold outside the State will have an indeterminate impact on royalty revenue.
This impact will depend upon the anticipated relative profitability on a per unit basis of oil and gas production from
the North Slope a decade or more from now.

(Rsd 170208 Page 3 of 3



FISCAL NOTE

STATE OF ALASKA cost t codes Bill Version CS SB 192 (RES)
2012 LEGISLATIVE SESSION Fiscal Note Number
Publish Date
Identifier (file name) SB192CS(RES)-DQR-TAX-03-09-12 Dept. Affected Revenue
Title Qil and Gas Production Tax Rates Appropriation Treasury and Taxation
Allocation Tax Division
Sponsor (S) Resources
Requester (S) Finance OMB Component Number 2476
Expenditures/Revenues (Thousands of Dollars)
Note: Amounts do not include inflation unless otherwise noted below.
Included in
FY13 Governor's

Appropriation FV13 Out-Year Cost Estimates

Requested Request

OPERATING EXPENDITURES FY13 FY13 FY14 FY15 FY16 FY17 FY18

Personal Services 214.8 214.8 214.8 214.8 214.8 214.8
Travel 10.0 10.0 10.0 10.0 10.0 10.0
Services 504.4 9.4 9.4 9.4 9.4 9.4
Commodities 1.0 1.0 1.0 1.0 1.0 1.0

Capital Outlay
Grants, Benefits
Miscellaneous
TOTAL OPERATING 730.2 235.2 235.2 235.2 235.2 235.2

FUND SOURCE (Thousands of Dollars)

1002  Federal Receipts

1003  GF Match

1004 GF 730.2 235.2 235.2 235.2 235.2 235.2
1005 GF/Prgm (DGF)

1037  GF/MH (UGF)

1178  temp code (UGF)

TOTAL 730.2 0.0 235.2 235.2 235.2 235.2 235.2
POSITIONS
Full-time 2.0 2 2 2 2 2
Part-time
Temporary
CHANGE IN REVENUES - - - - - b
Estimated SUPPLEMENTAL (FY12) operating costs (separate supplemental appropriation required)

(discuss reasons and fund source(s) in analysis section)

Estimated CAPITAL (FY13) costs (separate capital appropriation required)
(discuss reasons and fund source(s) in analysis section)

Why this fiscal note differs from previous version (if initial version, please note as such)

Prepared by Dan Stickel and Cherie Nienhuis, Economists Phone 907-465-3279
Division Tax Date/Time 3/9/12 4:11 PM
Approved by Bryan D. Butcher, Commissioner Date 3/9/2012

Department of Revenue
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FISCAL NOTE

STATE OF ALASKA BILL NO. CS SB 192 (RES)
2012 LEGISLATIVE SESSION

Analysis

The revenue impact of this bill is indeterminate.

This bill makes several changes to the oil and gas production tax system. Each of the major changes, along with its
potential revenue impact, is discussed below.

1. Makes changes to the progressive surcharge. The "progressive surcharge" applies when the Production Tax Value
(PTV) of all oil and gas produced in the state exceeds $30 per barrel of oil equivalent (BOE). Under current law, the
surcharge is 0.4% per $1 of PTV between $30 and $92.50 per BOE, and itis 0.1% per $1 of PTV between $92.50 and
$342.50 per BOE, for a maximum surcharge rate of 50%. The surcharge rate is not bracketed: itapplies to the entire PTV,
not just the incremental value. Under this bill, the surcharge rate is changed to 0.35% per $1 of PTV between $30 and
$101.43, plus 0.1% per $1 of PTV between $101.43 and $201.43, for a maximum surcharge rate of 35%. The surcharge
rate continues to apply to the entire PTV, notjust the incremental value. The effective date of this provision is January 1,
2013. Under Fall 2011 forecast assumptions, this change would reduce revenue by $125 million in FY 2013, $230 million
in FY 2014, and approximately $200 million per year in FY 2015- FY 2018.

2. Creates a $10 per barrel allowance for production increases. This provision of the hill creates an allowance, by
effectively reducing the production tax value by $10 per barrel, for each barrel sent down the Trans Alaska Pipeline
System (TAPS) by a company above their prior year level. The allowance is applicable only against the base tax rate of
25% and therefore the monetary value to the company is $2.50 per barrel. The allowance is calculated and refunded by
the Department independent of the tax and progressivity calculation and therefore does not impact the tax and
progressivity rates applied. Under the Fall 2011 production forecast, several companies would receive this allowance in
certain years during the time horizon of this fiscal note, but the total tax revenue impact (and therefore benefit to
producers) is less than $25 million total for all companies for all years.

3 Implements a 10% gross minimum tax for units with over 1 billion barrels cumulative production and over
100,000 barrels per day production in the most recent year. This provision of the bill creates a minimum tax of 10% of
gross value for certain units, and deductions and credits cannot reduce the net tax for those units below 10% of gross
value. Currently, the only units for which this provision would apply would be Prudhoe and Kuparuk. Under Fall 2011
revenue forecast assumptions, this provision would result in a tax increase for certain companies in certain years during
the time horizon of this fiscal note, increasing state revenue by less than $25 million per year. At lower oil prices, this
provision would result in a significant increase in revenue to the state, amounting to over $400 million per year increased
revenue at a $40 oil price.

As part of the minimum tax language, this bill makes changes to the calculation of the community revenue sharing fund
provision at AS 29.60.850. This bill changes the calculation of the community revenue sharing fund appropriation to be
the lesser of 20% of the progressivity for oil and gas for the previous year or the difference between the amount of
revenue received under the minimum tax and 25% of the production tax value for oil and gas subject to the minimum tax
in the previous year. The hill retains the maximum appropriation provisions. This provision, as currently written, increases
the complexity of the calculation, but will likely not materially impact the amount of revenue appropriated.

4. Provides for a new petroleum information management system, to be implemented by the Alaska Oil and Gas
Conservation Commission (AOGCC). This provision of the bill provides for a new information management system for
publicly available oil and gas information, to be operational before January 1, 2014. The only responsibility of the
Department of Revenue would be to provide certain information to AOGCC on a regular basis. These responsibilities
could be implemented using existing resources.

5. "Decouples" Some Oil and Gas for Progressivity. This bill separates some oil and natural gas for purposes of
calculating the progressivity portion of the production tax under AS 43.55 (also known as "decoupling”). Currently, all ail
and gas are combined for purposes of calculating a single progressivity rate. Under this bill, two progressivity rates would
be calculated. The first progressivity surcharge would be based on oil, Cook Inlet gas, and gas used in state. The second
progressivity surcharge would be calculated based on gas other than Cook Inlet gas and gas used in state. The bill
instructs the Department of Revenue , to the extent possible, to provide for the allocation of lease expenditures in
proportion to the gross value at the point of production for the oil and gas produced.

(R8O Page 2 of 3



FISCAL NOTE

STATE OF ALASKA BILL NO. CS SB 192 (RES)
2012 LEGISLATIVE SESSION

Analysis Continued

For purposes of the tax calculation, exploration expenditures and development expenditures for non-producing leases or
units would be allocated within geographic areas based on the gross value at the point of production of existing oil and
gas production.

There would be minimal revenue impact during the time period included in this fiscal note as gas that is produced in
Cook Inlet or used in state is not impacted by this bill. Small amounts of gas sales that would be decoupled prior to a
major gas sale are expected to impact revenue to the state by less than $10 million per year.

Under the current ACES system without the separate progressivity calculations, the state may receive less tax revenue
with oil production and major gas sales, compared to oil production alone. This effect is due primarily to lower value gas
diluting the progressivity surcharge on higher value oil under a combined tax. Under this bill, once major North Slope
gas sales begin, exported gas will be subject to the separate progressivity calculation. Our modeling suggests that under
this bill, and with addition of major gas sales to oil production, state revenue would be equal to or higher than revenue
with oil only.

Additionally, this provision would generally increase tax revenue to the state, compared to the current tax system with a
combined progressivity calculation, from major gas sales along with oil production. The amount of tax revenue increase
is primarily dependent on oil and gas price and volume assumptions, along with some minor assumptions regarding
expenditures and tariffs, but could be in excess of $1 billion per year.

Costs to Implement

With the change in tax structure with decoupling, the department will need to develop comprehensive regulations.
Significant regulations work would also be required to implement the other provisions of this bill, with some
interrelations between the various provisions of the bill. The Department would require an additional $495,000 for
regulatory work and public participation in regulations for the package of regulations. With passage of this bill in the
2012 legislative session, the workshop and public forum process would likely begin in the summer or fall of 2012, and the
majority of the regulation costs would be incurred in FY 13.

Specific costs for each major regulation project include the following:

$75,000 for contracted professional services for regulation consulting.

$270,000 for regulations costs including Department of Law, public notice and registry.

$150,000 for public forums for education of taxpayers and public participation, including preparation materials and legal
support, and possibly travel.

In addition to the one-time costs, the provisions of this bill will require two additional positions to handle the increased
complexity of the tax law created by this legislation, in particular the increased workload associated with the gross floor,
additional production allowance, and reporting requirements of this bill. The positions would be an Oil and Gas Revenue
Auditor IV (Range 24) and a Tax Technician Ill (Range 14), at an annual cost of $235,200.

(Rlﬂﬂgﬂﬂl% Page 3 of 3



FISCAL NOTE

STATE OF ALASKA
2012 LEGISLATIVE SESSION

Identifier (file name) SB192CS(FIN)-DQA-AOGCC-Q3-8-12

Title Qil and Gas Production Tax Rates
Sponsor Senate Resources Committee
Requester Senate Finance

Expenditures/Revenues
Note: Amounts do not include inflation unless otherwise noted below.

Included in
FY13 Governor's
Appropriation FY13
Requested Request
OPERATING EXPENDITURES FY13 FY13
Personal Services 1,579.0
Travel
Services 32,520.0
Commodities 320.0
Capital Outlay
Grants, Benefits
Miscellaneous
TOTAL OPERATING 34,419.0 0.0
FUND SOURCE
1002  Federal Receipts
1003  GF Match
1004 GF 34,419.0
1005 GF/Prgm (DGF)
1037  GF/MH (UGF)
1178  temp code (UGF)
TOTAL 34,419.0 0.0
POSITIONS
Full-time 15
Part-time
Temporary

CHANGE IN REVENUES

Estimated SUPPLEMENTAL (FY12) operating costs
(discuss reasons and fund source(s) in analysis section)

Estimated CAPITAL (FY13) costs
(discuss reasons and fund source(s) in analysis section)

Bill Version
Fiscal Note Number
() Publish Date

Dept. Affected

_Appropriation AK Oil & Gas Conservation Commission

_Allocation Alaska Oi

OMB Component Number

CSSB192

Administration

| and Gas Conservation

Comﬂﬁ'on

(Thousands of Dollars)
Out-Year Cost Estimates
FY14 FY15 FY16 FY17 FY18
1,579.0 1,5679.0 1,579.0 1,579.0 1,5679.0
5,015.0 5,015.0 5,015.0 5,015.0 5,015.0
25.0 25.0 25.0 25.0 25.0
6,619.0 6,619.0 6,619.0 6,619.0 6,619.0

(Thousands of Dollars)

6,619.0

6,619.0

15

6,619.0 6,619.0
6,619.0 6,619.0
15 15

6,619.0 6,619.0

6,619.0 6,619.0

15 15

(separate supplemental appropriation required’,

(separate capital appropriation required)

Why this fiscal note differs from previous version (if initial version, please note as such)

Prepared by Cathy P. Foerster, Chair, Commissioner
Division Alaska Oil and Gas Conservation Commission
Approved by John Cramer, Deputy Commissioner

Department of Administration

(R 11BN OB

Phone 907-793-1228
Date/Time 3/13/12 4:50 PM

Date 3/8/2012

Page 10of3



FISCAL NOTE

STATE OF ALASKA BILL NO. CcssB192
2012 LEGISLATIVE SESSION

Analysis

The AOGCC, an independent quasi-judicial State agency, isthe State's permitting and regulatory authority over
hydrocarbon and geothermal wells. The Commission's duties include ensuring the maximum recovery of hydrocarbon
and geothermal resources, preventing hydrocarbon and geothermal waste, ensuring well safety, and protecting
underground sources of drinking water and correlative rights. Given the nature of the Commission's duties and
responsibilities, apart from support personnel, it is staffed by expert petroleum engineers and petroleum

geologists. Because its expertise is so carefully tailored to its statutory duties and responsibilities, the Commission
functions well and Alaska has an unrivaled record with regard to well safety and production.

Section 3 of the committee substitute for SB 192 seeks to effectuate a substantial change in the AOGCC by requiring
the Commission to establish, operate and maintain an electronic petroleum information management system
comprised of available and non-confidential information. The vast majority of the information the Commission must
include in the petroleum information management system has nothing to do with the Commission's mission or
function - "unit and joint operating agreements," exploration licenses and leases, "work programs and budgets,"
"development plans,” operating and capital expenditures and projections, "oil and gas sales, revenue and pricing,"
transportation agreements, abandonment plans and budgets, resident and non-resident hiring information, training
opportunities, and other information "the commission determines necessary and relevant to the oil and gas
production tax and to the exploration, development, and production of oil and gas resources." Much of this
information is currently already gathered and maintained by other state agencies or is not available to any state
agency.

After careful review and consideration of Section 3, the AOGCC is of the view that Section 3 radically changes the
AOGCC's longstanding role as the State's petroleum technology and geology experts and jeopardizes the Commission's
ability to discharge its primary duties and responsibilities in those realms. The Commission has neither the expertise
nor the infrastructure to construct, maintain and operate information management systems, computer systems, and
the gathering of information on other subjects not related to the safe, efficient production of hydrocarbon resources
from wells. Implementation of Section 3 will create - at a substantial fiscal outlay - an additional distinct state
bureaucracy within the AOGCC which duplicates functions currently performed by other state agencies.

The AOGCC's non-confidential information is already publically available on its website. Other agencies are currently

working to provide similar web availability of their data. Once those agencies do so, the information will be far more
readily accessible to the public on those websites and at a substantially reduced cost.

(R 1720208 Page 2 of 3



STATE OF ALASKA

2012 LEGISLATIVE SESSION

Analysis Continued

Breakdown of costs:

Position

Deputy Director
Petroleum Facilities Engineer
Petroleum Geologist Il
Petroleum Geologist |
Petroleum Economist Il
Analyst Programmer V
Analyst Programmer V
Analyst Programmer |l
Statistical Technician Il
Statistical Technician Il
Microfilm Operator |
Microfilm Operator |
Microfilm Operator |
Executive Secretary Il
Administrative Assistant |

Services
Lease Space

FISCAL NOTE

Annual Salary and Benefits
$145.0
$236.0
$145.0
$132.0
$118.0
$118.0
$118.0
$ 89.0
$ 73.0
$ 73.0
$ 61.0
$61.0
$ 61.0
$ 75.0
$ 74.0

$ 105.0

BILL NO. CSSB192

(Space for 15 staff plus contractors, approximately 2,500 s.f. @ $3.50 per s.f. annually)

Construct space for new positions

Core Services
Specialized Software
Data/Phones

Training (for current and new staff)

$ 100.0
$ 75.0
$ 20.0
$ 20.0
$ 200.0

Building a new stand alone computer system $ 28,000.0

Upgrading current RBDMS system

$ 4,000.0

(production & consulting costs begin in year 2 and out)

Annual Maintenance and server hosting $ 4,700.0
Commodities

Computers, Monitors - one time costs $ 45.0
Office Furniture, Chairs - one time costs $250.0
Supplies $ 25.0

Rassd 170120V
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Committee Substitute for Senate Bill 192 (RES)

Oill and Gas Production Tax Rates

Senate Finance Committee
Tuesday, March 13

CSSB 192(RES)



CSSB 192(RES) Overview

Intro: Alaska is an O w ner State

Sum m ary of D O R R eports

Lessons Learned

B asic P etroleum Economics

D O R 's “"Facts To B egin the Conversation?”
C S S B 192 (RES): Rationale and O verview

O ptim ism for Alaska’s Future

CSSB 192(RES)



Alaska Is an Owner State

THE TAXATION OF
PETROLEUM AND MINERALS:
PRINCIPLES, PROBLEMS
AND PRACTICE

“There are few areas ofeconomic

policym aking in which the returns to
good decisions are so high - and the
punishment ofbad decisions so cruel -
as in the managementofnatural

resources wealth.”

From the Preface, page i

CSSB 192(RES)



Alaska Is an Owner State

THE TAXATION OF

PETROLEUM AND MINERALS:

PRINCIPLES, PROBLEMS
AND PRACTICE

Edlied 17F!-\Ip Lurecl,
Mchedl Keer
and CherjsS MePherson

“The central objective in designing petroleum
fiscal regimes is easily stated. It is to acquire
for the state in whose legal territory the
resources in question lie, a fair share of the
wealth accruing from the extraction ofthat
resource, whilst encouraging investors to ensure
optimal economic recovery ofthe hydrocarbon
resources. How to achieve this balance is a

subject ofenduring controversy.”

From Chapter 4 Petroleum Fiscal Regimes: Evolution and Challenges (page 89)

CSSB 192(RES) 4



Alaska 1s an Owner State

Fiscal Systems for Hydrocarbons

Onign Iwues

Chapter5: Designing Efficient Fiscal Systems

Although the host government and the investor

may share one common objective - the desire for the
projectto generate high levels ofrevenue - their
other objectives are not entirely aligned:

Host governments aim to obtain the maximum value (not
volume) for their countries overtime in terms ofnetreceipts
for treasury. Their goalis to maximize the wealth from their
natural resources and, at the same time, attract foreign
investment. Host governments also have development and
socioeconomic objectives, such asjob creation, transfer of
technology, and developmentoflocalinfrastructure.

CSSB 192(RES) 5



Alaska Is an Owner State

Fiscal Systems for Hydrocarbons
Ceiign Inw

Chapter 5: Designing Efficient Fiscal Systems (continued)
Oil companies aim to ensure thatthe return on capitalis

consistent with the risk associated with the project and
with the strategic objectives ofthe corporation,

CSSB 192(RHS)
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“Meeting the Challenge”

Bob Bartlett, Alaska Constitutional Convention

Where such vast resources potential exists one need not be clairvoyant to
foresee an influx of interests wanting to develop these resources ...

This moment w ill be a critical one in Alaska’s future history. Development must
not be confused with exploitation at this time. The financial welfare ofthe future
state and the well-being of its present and unborn citizens depend upon the wise
administration and oversight of these developmental activities.

Two very real dangers are present. The first, and most obvious, danger is that of
exploitation under the thin disguise of development. The taking ofAlaska’s
mineral resources without leaving some reasonable return for the support of
Alaska governmental services and the use of all the people ofAlaska w ill mean
a betrayal in the administration ofthe people’s wealth.

The second danger is that outside interests, determined to stifle any development
in Alaska which might compete with their activities elsewhere, w ill attempt to
acquire great areas of Alaska’s public lands in order NOT to develop them until
such time as, in their omnipotence and the pursuance oftheir own interests, they
see fit. If large areas of Alaska’s patrimony are turned over to such corporations
the people of Alaska may be even more the losers than if the lands had been
exploited. (November 8, 1955)

CSSB 192(RES) 7



CSSB 192(RES) Overview

Intro: A laska 1is an O w ner State

S um m ary of D O R R e p orts

Lessons Learned

B asic Petroleum Economics

D O R s “ Facts To B e gin the Conversation?”
C S S B 1 92 (RES): Rationale and O verview

O ptim ism for Alaska’s Future
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ACES Status Report

Alaska Department of Revenue (January 14, 2010)

Letter from DOR Commissioner Galvin to Gov Parnell:

e “The ACES Status Report evaluates whetherACES is meeting its
intended goals ofproviding a fair share ofrevenue to the state while
encouraging investment in new oil and gas exploration and
development activities.”

e “The status report shows thatACES successfully allowed the state to
share in the benefits ofhigh oil prices while accommodating
fluctuations in production costs and oil prices. ACES adjusted when
oil prices tumbled and kept the oil operations in Alaska highly
profitable relative to other oil provinces.”

e “Since ACES passed the legislature, overall spending on oil and gas
activities on the North Slope has increased. However ... itwould be
premature to attribute the increased level ofoil company investment
to the success ofACES.”

CSSB 192(RKS) 9
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ACES Status Report

Alaska Department of Revenue (January 14, 2010)

Letter from DOR Commissioner Galvin to Gov Parnell (cont):

“O il taxes are clearly an important factor in industry investment
decisions. However, it is misleading to isolate their influence from
other key factors, such as world oil prices, geologic potential, access to
land, resources and markets, costs of infrastructure and support
services, and the legal and regulatory framework. As noted in the
report, the true merit ofAlaska’s current fiscal system can only be
determined when it is evaluated in conjunction with these other

variables.”
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ACES Status Report

Alaska Department of Revenue (January 14, 2010)

ACES Structure and Tax Rate (page 9-11):

“As with any tax, ACES may be evaluated using avariety ofdifferent metrics,
including ‘effective,” ‘nominal,”and ‘marginal tax rate comparisons. W hile each of
these can be helpful underthe appropriate circumstances, each is also subjectto certain
limitations. Itis importantwhen using these metrics to understand their relative value
and how they reflect upon the objectives ofthe tax system ...”

“The ‘marginal tax rate’is the rate theoretically applied to each dollar increase in oil
price ... With anetbased tax system, this metric shows acompany the impactof
making additional investment, because each dollar they investis ‘subsidized’ by the
government based on the amountofmarginal tax they have avoided paying on that
dollar ... Forexample, amarginal tax rate ofup to 87% initially sounds excessive.
However, atthat same price level, the effective tax rate is less than 40%. The marginal
rate 0f87% actually represents that state’s ‘portion’ofany new investment made at
such high prices.”
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ACES Status Report

Alaska Department of Revenue (January 14, 2010)

Conclusion (page 15):

“Overall, the information reviewed by the department indicates
that ACES is performing as expected when itwas passed by the
Legislature in 2007. The economic provisions are resulting in the
revenue levels anticipated, and the investment incentives appear
to distribute the increased tax burden in a fashion that continues
to encourage reinvestment, though the experience with the credit
program could be improved for new explorers. Challenges remain
in the implementation by the department, but they are
manageable and the department is positioned to meet those

challenges.
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Production Tax Status Report to the
Legislature by DOR (January 18, 2011)

From the Executive Summary (pages 1-2)

Industry Investment- Investmentin the form ofcapital expenditures has
increased in each ofthe four fiscalyears since implementation ofthe net
profits tax, however, itisunclearhow much ofthe capital expenditures
were drilling orwell-related and how much were maintenance or facilities-
related.

Impacton Exploration, Development, and Production - Exploration has
generally increased from 2003, when the EIC creditwas implemented, but
has dropped offin 2010. Development continues in three relatively new
North Slope projects, yetproduction continues to decline.

Industry Employmentand New Entrants - Industry employmentrose
steadily from 2006 through 2009, butdipped slightly in 2010. The number
ofcompanies filing annualtax returns doubled between 2006 and 2009,
indicating interestby companies thatare eithernew orreturning to the
Alaska oil and gas industry.
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Production Tax Status Report to the
Legislature by DOR (January 18, 2011)

From the Executive Summary (cont.)

Use and Expansion ofTax Credits - The amountofcredits used has
increased annually since 2006 and we expectthe trend to continue asnew
creditprograms were added in the 2010 legislative session.

Tax Administration and Compliance - The departmentcontinues to write
regulations for the new tax system, and the first audits underthe netprofits
tax have been completed. The department has, however, been hampered in
its tax reporting and compliance efforts by the lack ofa centralized
database to house and manage the large volumes ofoil and gas data it
receives.

Conclusions and Recommendations - Based on the multiple changes to
the tax laws overthe pastfew years, drawing any conclusion abouttheir
effecton Alaska'sinvestmentclimate is difficult. However, whatis clear is
that production continues to decline. The state should continue to monitor
its competitiveness with otheroil and gasjurisdictions worldwide and be
prepared to change its tax structure as needed,

CSSB 192(RES) 14
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Production Tax Status Report to the
Legislature by DOR (January 18, 2011)

Conclusion and Recommendations (Pages 14-15):

“A government’s fiscal regime is just one element for oil and gas companies to consider when
weighing options for where to invest. Many other elements, such as resource risk, political risk,
environmental factors, and availability of labor and equipment, also play a part in companies’
decisions about where to invest. It is very difficult to separate these factors in order to determine
the extent to which a government’s fiscal system influences investment choices.

“While it is untenable to blame a tax system for the lack of industry investment, it is equally
untenable to claim that the tax system is the reason increased activity or investment occurs. The
past three years have seen dramatic swings in oil prices from a high of $134 per barrel to a low of
$38 per barrel just 6 months later. An economic recession stifled investment and business activity
in the United States and much of the developed world for over a year. The economic activity of
the past three years may not have been the best benchmark by which to judge the impact of a tax
system ...

*“... State officials should continue to monitor the state’s competitiveness in oil and gas
opportunities, and be prepared to modify it as the need arises.”
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HB 110 PRODUCTION TAX ON OIL AND GAS

January 18, 2011: Read the First Time - Referrals

SB 49 PRODUCTION TAX ON OIL AND GAS

January 19, 2011: Read the First Time - Referrals
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Comprehensive Plan and Feasibility Study
by FAST Enterprises, LLC (October, 2010)

Excerpts from the Executive Summary

The Alaska Department of Revenue’s Tax Division (DOR/TAX) relies on a patchwork
of 17 autom ated systems and over 100 manual “side-systems” to adm inister 22 tax

programs.

* DOR/TAX manages over $3 billion in Oil and Gas Tax revenue using an eclectic
mix ofhome-grown side-systems that include multiple databases and unsecured,
unstable spreadsheets stretched well beyond their intended use. Storing sensitive

taxpayer information in these databases and spreadsheets poses a high security risk.

 The 17 systems used to administer different taxes and functions have been pieced
together over the past 15 years without integration or an overall architecture. The
systems do not scale to meet current needs and are inflexible and difficult to
maintain. Since the initial development of the systems, many tax laws have changed

and the systems have not changed accordingly.
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Comprehensive Plan and Feasibility Study
by FAST Enterprises, LLC (October, 2010)

Excerpts from the Executive Summary (continued)

. DOR/TAX employees spend a higher proportion oftheir time compiling,
organizing, and reconciling data than actually auditing, examining, analyzing,

forecasting, or managing tax programs.

. The limitations and inflexibility of existing systems impose a burden on taxpayers.
Currentreporting processes are inefficient and ineffective, and create unnecessary
work and cost. As one taxpayer stated, “the Tax Division’s inefficiency makes

taxpayer interaction with the division inefficient.”

. DOR/TAX cannot easily produce reports required by the legislature and policy
makers because the current systems preventtimely, complete, and correct extraction
of data. Reports can be inaccurate and misleading due to incorrect and incom plete

data and hum an error.
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Department of Revenue
Additional Information

Single Audit of the State of Alaska (Feb 28, 2011)

. Recommendation: “DOR’s commissioner should ensure staff within its Tax
Division implement controls to improve the auditing ofoil and gas severance

tax revenues.”

. Legislative Audit’s Current Position: “Significant control deficiencies
continued over the auditing of oil and gas severance tax revenues in FY10. A
loss of experienced audit staffduring FY 10 compounded the struggles that the

audit section was already experiencing.”

Decision Following Trial De Novo: 2007, 2008, and 2009 Assessed Valuations of
the Trans Alaska Pipeline System (December 30, 2011)

. “The Department’s Production Forecasts and Reserves Estimates are
Unreliable” (page 170)
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U.S. Energy Tax Policy (2011)
(Chapter 9) State Tax Policy and Qil Production:

The Role ofthe Severance Tax and Credits for Drilling E xpenses

ilH 1

EDITED BY
(iilbm H. Metcalf

Introduction

“Although most energy-producing states have levied taxes
on the value of oil, natural gas, and coal production for
many years, changes in these taxes have become headline
news as state governments grapple with budget shortfalls
brought about by the currentrecession. For instance,
Alaska has increased the severance tax on the value of its
oil production and attempted to stimulate future production
by allowing a credit against this tax for expenditures on
capital items, including drilling rigs, infrastructure,
exploration, and facility expansion (Alaska Department of

Revenue 2008).”

By Ujjayant Chakravorty, Shelby Gerking, and Andrew Leach
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State Tax Policy and Oil Production:

The Role ofthe Severance Tax and Credits for Drilling Expenses

Questions about the effects of state energy taxes, for example:

. Do state taxes tiltthe time path ofenergy production to the present

or to the future?

. Do upstream subsidies for exploration and development work
together with downstream taxes on production to influence the

levels and time paths ofproduction and tax collections?

. W hat are the im plications ofthese taxes for the long-term

sustainable use ofnonrenewable natural resources?
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State Tax Policy and Oil Production:

The Role ofthe Severance Tax and Credits for Drilling Expenses

Key Finding #1.

e “Oll production is closely linked to the size of
the reserve base and is relatively insensitive to
changes in oll prices. This outcome, which Is
broadly consistent with experience in the U.S.
oll industry over the past 50 years, leads to the
conclusion that the severance tax hes little
effect on production levels (p. 306).”
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State Tax Pollcy and Oil Production:

The Role of the Se rance Tax and Credits for Drilling Expenses

Key Finding #2

e “The simulations suggest that a drilling
expense credit may cost more than the
Incremental severance tax revenue obtained,
although such credits may be worthwhile
cohcessions If a state’s objective IS to generate
greater support for increasing the severance tax
rate (p. 307).”
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Additional Research

“Effectiveness of Severance Tax Incentives In the
S Oll |ndUStI'}f’ (Mitch Kunce, International Tax and Public Finance, 2003)

* “In general, results show that severance tax rate
cuts substantially reduce date tax revenue
collected, but yield nmoderate to little change in all
drilling and production activity. This outcome
SUgoests that dates should be wary of argunents
asserting that large swings In ol field activity can
e obtained from dnainges In severance tax rates.”

sssssss (RKS)



O O

Additional Research

“State Taxation, Exploration, and Production in the
US Oll |ndUStry" (Mitch Kunce et al, Nov 26, 2001)
» “Resuilts of this study suggest that oll production

IS highly Inelastic with respect to dnanges In
production taxes.”
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Gas and Water Handling Constraints

“W hile new oil is an issue in maintaining production levels,
there are also issues at existing fields, where [Dudley] Platt
said facilities expansion may be needed. He said the large

facilities are ‘maxed out on how much gas they can handle

and they’'re getting close to being maxed out on how much

water they can handle. ... Ifthey don’'t expand their
facilities to handle that, the oil production w ill continue to
go down."

“Alaska Oil Forecast Shaky”
By Kristen Nelson, Petroleum News

Week of November 18, 2007

CSSB 192(RES)
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Gas and Water Handling Constraints

North Slope of Alaska Facility Sharing Study
Prepared for Division of Oil & Gas, Alaska Department of Natural Resources

By Petrotechnical Resources Alaska, May, 2004

“The North Slope processing facilities have specific design
capacity limits, indicating the amountofoil, water and gas
w hich can be handled by the facility. Ifthe handling
capacity of one ofthese streams is reached for a given
facility, it limits the overall production output from that
facility. W hile some facilities may be producing below
capacity for oil, they are often limited due to capacity

constraints on total water production or gas production.”
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Gas and Water Handling Constraints

1989 Revenue Sources Book

Alaska Department of Revenue

“The vast majority of Alaska production will continue to come from the now
declining Prudhoe Bay field ... The decline in Prudhoe Bay production is now
expected to be much more rapid than assumed in our Spring forecast. This
reflects a more serious gas handling constraint. As more and more gas is
produced with each barrel ofoil, the amount ofgas which mustbe re-injected
back into the Prudhoe Bay field has increased substantially. Since it is

anticipated that there will need to be more production downtime due to field
and TAPS maintenance, the gas handling constraintwill limitthe ability to
keep average annual oil production from falling. Installation of additional gas

handling equipment, GHA X1 (gas handling and expansion 1), is scheduled to
start late in 1990. A second expansion is in the planning stages. Once in

place, the ability to re-injectup to 5.1 bcf/day ofgas production will slow the
rate of decline in oil production.”
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Gas and Water Handling Constraints

A Production O ptimization System for W estern Prudhoe Bay Field,
Alaska

By D.A. Bames, K. Humphrey, and L. Muellenberg of BPX A merica

Paper prepared for presentation at the 65thAnnual Technical
Conference and Exhibition ofthe Society of Petroleum Engineers held

in New Orleans, LA, Sept 23-26, 1990.

“For almost a decade the Prudhoe Bay field on the N orth Slope of
Alaska has produced at a yearly average offtake rate of 1.5 million
stock tank barrels of oil per day. A s the reservoir depletes and field
gas-oil ratios (G ORs) increase, gas handling constraints make it

difficult to achieve oil rate targets.”
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Gas and Water Handling Constraints

Prudhoe Bay: Development History and Future Potential

By D.J. Szabo, BP Exploration (Alaska) Inc. and K.O. M eyers, ARCO

Oil and G as

Paper prepared for presentation atthe SPE 1993 W estern Regional

M eeting, Anchorage, AK, 26-28 M ay 1993.

“Prudhoe Bay is seen by many as a mature oil field on an inevitable
and irreversible decline ... The field’s oil production capacity dropped
below 1.5 M M STB/D in 1988 O fficially* signaling the start of
decline. The onset ofdecline was a directresult oflimited gas handling

capacity as opposed to limited oil production capacity.”
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Gas and Water Handling Constraints

Prudhoe Bay Field: Facility Consolidations Pave the Way for an Economic Future
By K.D. Eager, BP Exploration; M .D. Briscoe, ARCO Alaska; R.A. Bolduc, Exxon

Paper prepared for presentation at the 1998 SPE Annual Technical Conference and
Exhibition held in New Orleans, LA, 27-30 Sept 1998.

“The Prudhoe Bay Field on Alaska’s North Slope has produced for twenty-one years.
Prudhoe’s gas and water production rates are at historic highs, but the oil production
rate has declined to less than one-halfofthe peak rate achieved in the 1980s. As a
result, significant excess oil treating capacity exists, with water and gas handling
capacity constraining the current oil production rate. The owners ofthe Prudhoe Bay
Unit developed a major facility consolidation plan in 1997 designed to rationalize this
excess oil treating capacity while preserving existing gas and water handling capacity.
The reconfigured facilities are expected to provide sufficient capacity ata lower cost to
accommodate projected oil, water and gas production rates over the remaining life of
the Prudhoe Bay Field.”
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Gas and Water Handling Constraints

Prudhoe Bay Field: Facility Consolidations Pave the Way for an Economic Future
By K.D. Eager, BP Exploration; M .D. Briscoe, ARCO Alaska; R.A. Bolduc, Exxon

Paper prepared for presentation atthe 1998 SPE Annual Technical Conference and
Exhibition held in New Orleans, LA, 27-30 Sept 1998.

(Continued)

“Oil production rates are projected to continue to decline in the future. In developing
the field development and managementplans for 2000 and beyond, the PBU W orking
Interest Owners recognize the need to reduce lifting costcommensurate with the
decline in oil production to maintain an economic asset for as long as possible. The
Prudhoe Bay Facility Optimization Projectwill play an importantrole in achieving
reduced lifting costs.”
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Gas and Water Handling Constraints

Optimization of Production from Mature Fields
By P. Wang & K. Aziz of Stanford University and M.L. Litvak of BP, USA
17th World Petroleum Congress, September 1-5,2002, Rio de Janeiro, Brazil

“Oil production in the Prudhoe Bay and Kuparuk River fields is constrained by the gas
handling limits of the surface facilities.”

2003 Oil and Gas Report (for the period ending December 31, 2002)
Alaska Department of Natural Resources (Tom Irwin, Commissioner)

Division of Oil and Gas (M ark Myers, Director)

“From the beginning of Prudhoe Bay production, dissolved gas and water were
separated from the crude oil and injected back into the reservoir. Over time the
reservoir’sproportion ofboth gas-and-w ater to oil increased. Eventually, oil
production was constrained by the rate at which the separating plants could process gas
and water.”
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Gas and Water Handling Constraints

Q: Does DNR agree that oil throughput at Prudhoe Bay is
constrained by the ability of field operators to process and re-inject
associated natural gas?

A: Yes, gas processing is a significant constraint in Prudhoe Bay. W hile
new wells could be drilled with lower G OR’s, other high G OR wells

have to be shut-in because ofthe gas processing lim itation.

Q: As ofthe early 1990’'s, does DNR agree that Prudhoe Bay was
pastthe point where well drilling could stave off a falling oil rate?

A: Yes. The Prudhoe Bay UnitW IO had a very aggressive drilling
program in 1986-1992. In addition, a major gas handling expansion
(GHX-1) occurred in the late 1980s which helped stem decline.

Significant delay in the production plateau would have been difficult.

(Source: Memo from DNR to Senator Paskvan re: “Responses to the 30 questions from September 22, 2011” (January 17, 2012).
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Overview of the Gleason Decision

e Market Structure
 The Life of TAPS
e Access To Information
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Market Structure
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Overview of the Gleason Decision

The Life of TAPS
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Overview of the Gleason Decision

Access To Information
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Expanded Basic Petroleum Economics
Course Lewd: Basic

About The Course:

 Could you answer the following three
questions for your next project:
— W hatw ill it cost?
— W hatis it worth?

— W ill it earn sufficient profit?

» Before undertaking any project, these
questions should be answered.

Source: PetroSkills 2012 Training Guide
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Example

Estimates ofdrilling costperwell range from $132,907
in Kansas, where wells tend to be shallow, to
$3,881,600 in Alaska, where the drilling experience is
very different as compared to the lower 48 states.

Marginal reserve additions from drilling range from
11,051 barrels perwell in Kansasto 177,067 barrels per
wellin Alaska.

Thus, while drilling awell in Alaska is markedly more
expensive than in Kansas, Alaska experiences a greater
payofffrom these more costly exploration and
development efforts.

(Source: “Effectiveness of Severance Tax Incentives in the U.S. Oil Industry,” 2003, page 573 - 574)
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Will it earn sufficient profit?

“OilIndustry Profitability in Alaska 1969 through 1987”

The oil industry received an estimated $42.6 billion in profit from production
and transportation activities in Alaska from 1969 through 1987 ... Alaska
North Slope (ANS) production contributed $29.1 billion to profit, with $27.8
billion ofthis amount attributable to Prudhoe Bay and $1.3 billion attributable
to Kuparuk. TAPS provided $12.4 billion. Production in Alaska other than
ANS production added $1.1 billion in profit.

Shares. The 42.6 billion in after-tax profitthat accrued to the oil industry
compares to $29.3 billion in State ofA laska receipts from oil industry
activities during this period. During the same period, Federal government

receipts were $25.8 billion from these activities (page I and 11).

(Source: “Oil Industry Profitability in Alaska 1969 through 1987,” Prepared for the Department of Revenue, State of Alaska, by Edward Deakin,
Distinguished Enterprise Professor and Director, Institute of Petroleum Accounting, University of North Texas, March 15, 1989.)
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Will it earn sufficient profit?

“Oil Industry Profitability in Alaska 1969 through 1987~
Additional Benefits of ANS Oil

ANS Producers receive profits from Alaska oil outside of Alaska which provides an additional
bonus beyond what it would cost if they had to purchase imported oil. An additional profit of
approximately $0.7 billion went to the producers through the operation of the U.S. Department of
Energy crude oil entitlement program. Producers are believed to earn additional profit through the
refining of ANS crude because, among other things, they have access to a secure source of crude
oil. Ifthey did not have the ANS crude, it would be necessary for them to acquire crude from
foreign sources.

Others estimate that profits on tanker operations and the trans-Panama shipment activities added
between $.25 and $1.00 profit per barrel of ANS crude produced. These additional profits would
have been received on the nearly 6 billion barrels of ANS production. These added profits are not
included on the $42.6 billion of total oil industry profit in Alaska covered in this report (page 13).

These downstream profit issues are beyond the scope of this project. They do indicate, however,
that the producer’s economic benefits of Alaska oil production extend beyond the profit obtained
within the boundaries of the State of Alaska (p. T-70).

(Source: “Oil Industry Profitability in Alaska 1969 through 1987,” Prepared for the Department of Revenue, State of Alaska, by Edward Deakin,
Distinguished Enterprise Professor and Director, Institute of Petroleum Accounting, University of North Texas, March 15, 1989.)
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Will 1t earn sufficient profit?

“OilIndustry Profitability in Alaska 1969 through 1987~

Hourly Profit Rate

“Looking at these profits as an hourly earning number may bring
the amounts Into better perspective. After-tax profits have been
eamed by the producers at the rate of $463,144 per hour, twenty-
four hours per day for each day of the first ten and one-half years
of ANS Production (page 19).”

(Source: “Oil Industry Profitability in Alaska 1969 through 1987,” Prepared for the Department of Revenue, State of Alaska by Edward Deakin,
Distinguished Enterprise Professor and Director, Institute of Petroleum Accounting, University of North Texas, March 15, 1989.)
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Will 1t earn sufficient profit?

Lord John Browne, ChiefExecutive, BP

Address to shareholders (April 15, 2004)

= “In periods of high oil prices such as the one we find ourselves
In today, the group generates significant ‘excess free cash
flow’ after capital expenditure and dividends. Rather than
using this cash to reduce debt... we are committing to return
... 100 percent of this excess free cash flow to our investors,
for as long as oil prices remain above $20 abarrel, all other

things being appropriate (s o page
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Will it earn sufficient profit?

“Alaska’srole in BP’sportfolio Is to provide a stable production
base and cash flow to fuel growth elsewhere in the business while
Improving margins and retums.”

Sidenote:

“Over the pastthree years the TAPS Owners and Alyeska have studied a number of

potential business efficiency opportunities ... Preliminary engineering studies have
also confirmed electrifying and autom ating all 4 pum p stations will allow Alyeska
to eliminate over 285 fill time positions, many ofthose in field locations where

wage and locations premiums are very high. Currently, remote crews at these
pum p stations require expensive catering, transportation and other costly support
services systems. Eliminating these positions translates to an annualized expense
savings improvement of over $41mm gross (+16mm net BP) by 2007 over APSC
2003 Base O& M .”

(Source: BP, Alaska Business Unit, Mid-Stream Alaska, Trans-Alaska Pipeline Pump Station Electrification, 2004, Page 13)
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Will it earn sufficient profit?

Gene Therriault,
Senior Policy Advisor on In-State Energy, Parnell Administration

Email Correspondence, August2, 2010

“M ajor producers like ConocoPhillips and BP have reported strong
profits from their Alaskan operations under the ACES system . For
example, in 2009, ConocoPhillips”A laska activity accounted for 12%
ofits worldwide production but 29% o f its corporate profits. 1In

addition, the August 1, 2010 edition of Petroleum N ews recently
detailed ConocoPhillips current year earnings and concluded that
“ConocoPhillips’exploration and production activities continue to be

more profitable in Alaska than across the Lower 48."”
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Will it earn sufficient profit?

BP Prudhoe Bay Royalty Trust (BPT)

“In the past 10 years, BPT has earned a total return of2,248% . A $5,000 investment
just 10 years ago would be worth $117,400 rightnow ... To give you an idea of how
strong a return thatis, integrated oil giant Chevron returned 231% over the same
period. Thatwould have turned $5,000 into $16,550. Not bad, but nowhere near what
BP Prudhoe Bay Royalty Trust did.

“And those royalties are on top of capital gains. BPT's share price gained 667% during
the past 10 years thanks to rising oil prices, while Chevron's stock price wentup only
137% .

“The thing is, BPT notonly beat Chevron... itbeatoutjust about every major oil
company over the same period. And that's only part of the equation. Go back a few
more years, and the major oil and gas companies aren'teven in BPT's league.

“BPT has generated total returns of 5,089% since 1990 —beating the "big" names in
the oil and gas industry. Chevron ... Exxon ... Shell... you name it.”

(Source: Seeking Alpha website, “BP Prudhoe Bay Royalty Trust: Why Worry About This High Yielder?,” January 25, 2012)
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Wil it earn sufficient profit?

BP Prudhoe Bay Royalty Trust (BPT)

— Prudhoe Bay Royalty Trust 2250%
’ CE:Q)?(\)’;OH 2000%
— Shell 1750%
1500%

BPT has trounced the 1250 %
major players in the 1000%
oil industry- 750%%
500%

250%

(Source: Seeking Alpha website, “BP Prudhoe Bay Royalty Trust: Why Worry About This High Yielder?,” January 25, 2012)
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Department Of Revenue’s
Facts to Begin the Conversation

 Oll Prices Began to Climb to All-Time Highs
Starting Mid-2000s

* TAPS Throughput Continues Steady Decline

 Other Oll Producing Regions Enjoying
Production and Employment Booms

o Competition is High - Many Other Areas To
Invest Around the World

Source: Senate Resources Committee (February 10, 2012)
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Oil Prices Began to Climb to
All-Time Highs Starting Mid-2000s

THE TAXATION OF

PETROLEUM AND MINERALS:

PRINCIPLES, PROBLEMS
AND PRACTICE

G

and Cbarlas McPherson

Chapter 7: Evaluating fiscal regimes for resource

projects: An example from oil development

“The unprecedented rises in the internationally traded
prices of crude oil and natural gas (petroleum)
between 2002 and 2008, and the sudden fall after
July of 2008, have concentrated attention once again
on how petroleum revenues are shared between
owners ofthe resource in the ground (usually
governments) and the companies that extract the

petroleum (page 187).”
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Oil Prices Began to Climb to
All-Time Highs Starting Mi1d-2000s

Fiscal Regimes in a Volatile Oil Price Era: W hat Options Exist for Balancing the
Interest of the Resource Country and Investor Company?

By Humphrey Onyeukwu, SPE, Centre for Energy, Petroleum, Mineral Law and Policy, University of Dundee

Paper presented at the CPS/SPE International Oil and Gas Conference, Beijing, China,
June 2010

“The challenge of a fiscal policy in a volatile price oil era is ensuring a high share of
value is secured for the Government. At the same time, the fiscal policy strives to
encourage the exploration of these valuable resources without harming the commercial
interest of the oil companies. Price volatility fundamentally alters the sharing formula;
it is therefore imperative for a correct balance to be achieved between the competing
state interests and the oil companies. The question becomes how equilibrium can be
achieved in a petroleum fiscal system design, which guarantees a suitable government
take and avoids the negative effect of instability and re-negotiation of fiscal terms.”
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TAPS Throughput

Continues Steady Decline

Revenue Sources Book (October, 1988)

Alaska Department of Revenue

"It is importantto emphasize that the North Slope producers,
w hile not agreeing on the exact date, have concluded that North
Slope production will commence to decline in either FY 89 or FY

90."
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TAPS Throughput

Continues Steady Decline

Revenue Sources Book (Fall 1989)
Alaska Department of Revenue

"The fall in oil production means that the inevitable decline in the huge Prudhoe Bay field has
started sooner than we predicted ... This forecast assumes that production from the Prudhoe Bay

field will continue to fall steadily, and will drop to less than half its present level in less than 10
years.”

""Some observers may believe that exploration will discover another Prudhoe Bay. Prudhoe Bay is
the largest oil field in North America, and finding such a 'supergiant’ is extremely rare.”

“The State of Alaska is standing on a precipice. Only a combination of budget cuts, more efficient
programs, and new revenues will keep the State from falling a long way ..."

""The decline in production from the Prudhoe Bay field is a central issue for Alaska ... The decline

in Prudhoe Bay production is now expected to be much more rapid than assumed in our Spring
forecast."
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TAPS Throughput

Continues Steady Decline

Revenue Sources Book (Spring 1992)

Alaska Department of Revenue

"The long-term revenue outlook is dominated by the depletion of
petroleum reserves ofthe Prudhoe Bay oil field ... Despite the
start of the irreversible decline at the Prudhoe Bay field this year,
continued success in reservoir management in all fields will hold
statewide production decline throughout fiscal year 1995 to less

than 9% total (3% per year).”
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TAPS Throughput

Continues Steady Decline

Revenue Sources Book (Spring 1994)

Alaska Department of Revenue

"The Prudhoe Bay field, which accounts for two-thirds of Alaska

statewide production, is in irreversible decline."
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TAPS Throughput

Continues Steady Decline

W ith Prudhoe Bay in Decline, W hat’s Next for Alaska?

By James M. Davis (Senior Vice President for Exploration and Land) & Jerry R. Pollock (Manager,
Prudhoe Bay Engineering) of ARCO Alaska, Inc.

Oil & Gas Journal, August 3, 1992
“By any definition, Prudhoe Bay is declining and will continue to decline...

“To accountants, Prudhoe decline began during 1988 when the field was no longer able to make
its maximum allowable rate of 1.5 million b/d of oil. To engineers, the decline began long before
that...

“Unfortunately, adding more wells can’t keep the oil production rate up forever. We’re already
past the point where drilling can stave off a falling oil rate. Oil reserves are finite. ...

“As the field matures, the production facilities reach their maximum capacities to handle produced
water and gas. Wells with falling oil rates and increasing produced water or gas volumes have to
be shut-in. Total field oil production drops.”
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TAPS Throughput

Continues Steady Decline

Hearing before the Com m ittee on Energy and Natural Resources,

United States Senate

New Developments in Upstream O il and Gas Technologies: Testimony by
Kevin Banks, Director, Division of Oil and Gas, Alaska Department of Natural

Resources (May 10, 2011)

“W ith the exception of development ofheavy oil resources known to exist
around the Prudhoe Bay, Kuparuk, and M ilne Point fields, and potential
resource plays (like the Bakken in North Dakota) that may exist on the North
Slope on State controlled lands, the natural field declines cannot be replaced
without access to production from Federal lands and the OCS. There are no
known conventional resources on State or Native lands that are likely
sufficient to replace the decline in the existing production rates.”
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TAPS Throughput

Continues Steady Decline

Senate Resources Comm ittee, March 1, 2012

Testimony by Scott Jepsen, Vice President, External Affairs, ConocoPhillips Alaska

CO-CHAIR PASKVAN asked if Alaskans should expect to see 1 million barrels a day
from state lands in conventional oil with the $5 billion investment over the next 10
years.

MR. JEPSEN said the 1 million barrels a day is a good aspirational goal, but he didn’t
think they could get there. It would probably take some other types of technologies than
what is in the state right now. He hoped shale oil pans out and Great Bear plus some
offshore help. State lands have potential, but he didn't know where they would see the
upside in terms of getting to that 1 million barrels a day.

(Source: Draft Minutes, SEN RES Committee, March 1, 2012, BASIS website)
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Other Oil Producing Regions Enjoying

Production and Employment Booms

Resurging North American Oil Production and the Death of the
Peak Oil Hypothesis

“The transfer of technology that caused the surge in natural gas production is
transforming the outlook for oil production in the U.S. The unrelenting increase in oil
rig count has been driven by two major forces: the sustained, high price of the
commodity and the promise of improved oil production using the technology that has
transformed the gas sector.

“Advances in the use of horizontal drilling and hydraulic fracturing have unlocked vast
reserves of hydrocarbons originally trapped in highly dense shale rocks. The two shale
oil plays that have benefited most from this transformation so far are the Bakken and
Eagle Ford.”

(Source: Citi Investment Research & Analysis, 15 February 2012
https://www.citigroupgeo.com/pdf/SEUNHGJJ.pdf?source=email_rt_mc&ifp=0)
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Other Oil Producing Regions Enjoying

Production and Employment Booms

Alaska Economic Trends: Alaska’s Oil Industry

September, 2008

“Dramatic improvements in technology in the last decade

have had a powerful effect on em ployment levels.

“Examples include the widespread use of horizontal
drilling, ultra extended-reach drilling, 3-D and 4-D
seismic surveys, drill bit sensors and other advancements
that reduced the number ofwells that need to be drilled

(page 6).”
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Other Oil Producing Regions Enjoying

Production and Employment Booms

Alaska Economic Trends: Alaska’s Oil Industry

Septem ber, 2008

“According to the Federal Reserve Bank of Dallas, the
national oil and gas industry was the leader in
productivity gains throughoutthe 1990s and continues to
be an above-average performer. In other words, the oil

industry has been able to perform more work using fewer

workers (page 6).7
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Other Oil Producing Regions Enjoying

Production and Employment Booms

Alaska Economic Trends: Alaska’s Oil Industry September, 2008
How does Alaska compare to other oil-producing states?

“As far as the oil industry’s importance to the economies of
different states, there’s little doubt Alaska ranks first. However, a

person wouldn’tguess that by looking at the size ofAlaska’s oil

industry work force

“Alaska produced 15 percent ofthe nation’s dom estic oil supply

in 2007 butemployed only 3 percent of the U.S. oil and gas work
force ... (page 10).”
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Other Oil Producing Regions Enjoying

Production and Employment Booms

How does Alaska com pare to other oil-producing states? (cont)

“There are a host of reasons that explain Alaska’s much-smaller oil

industry work force, in light of its tremendous production.

“One big reason is sim ply that Alaska’s oil fields enjoy large econom ies
of scale. Prudhoe Bay is the largest oil field in the nation and doesn'’t

need a huge work force to produce its oil

“In Texas, Oklahoma, W yoming and other oil-producing states, som e
oil is produced from very small fields. There are 400,000 marginal
fields or stripper wells operating in the U.S. and a stripper w ell
produces 10 barrels of oil or less per day. In many ofthe states, there
are literally thousands of fam ilies and small com panies engaged in

producing oil - something nearly totally absent in Alaska.”
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Other Oil Producing Regions Enjoying

Production and Employment Booms

Technology advances (see slide 62) lead to more
drilling and more jobs in the new,
unconventional (i.e., shale) oil plays in North

Dakota and Texas.

At the same time, technology advances (see
slides 69 and 70) lead to fewer wells and fewer
jobs in the mature, conventional oil plays on

Alaska’s North Slope.

CSSB 192(RES) 73



O

Competition i1s High - Many Other
Areas To Invest Around the World

A NS is aworld class basin

Vertical Integration ofBP, ConocoPhillips,

ExxonM obile

and

Transition from majors only to mid-m ajors and

independents
Growth ofNOUCs Iimits “areas to

Concept ofimmobile capital

CSSB 192(RES)

invest”

74



CSSB 192(RES) Overview

Intro: Alaska is an Owner State
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Lessons Learned

Basic Petroleum Economics
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CSSB 192(RES): Rationale and Overview

Optimism for Alaska’s Future
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CSSB 192(RES)
Rationale and Overview

Preserves Industry-Friendly Components of

A CES

Reduces the Rate and Cap ofProgressivity
Rewards Increased Production

Establishes a Gross M inimum Tax

Separates oil and natural gas for purposes of
calculating the progressivity portion of the

production tax

Creates an Oil Inform ation System
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CSSB 192(RES)

Preserves Industry-Friendly Components ofACES

* Preserves Deductions of Capital Expenditures, Operating
Expenditures, and Transportation Costs (i.e., net profits

tax)
* Preserves Tax Credits
 Preserves Royalty Rate

* Preserves Royalty M odification
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Reduces the Rate and Cap of Progressivity

Retains the original trigger of $30 in Production Tax Value
(PTV); atwhich point the progressive tax rate is calculated
at .35% per dollar increase in PTV up to 50% ($101.43);

At50% ($101.43), the CSSB 192 adds a second trigger on
the progressive tax rate calculation that lowers the
progressive tax rate to .1% on PTV up to 60% ($201.43);

A dds a statutory maximum tax rate of 60% under the

production tax statutes.
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Rewards Increased Production

Companies that increase their North Slope production levels
from one year to the next will earn an allowance on the oil
they produce above the prior year.

The allowance reduces their Production Tax Value (or PTV)
by $10 for the new barrels of oil produced. This allowance
should not be confused with a tax credit or a lowering of tax
rates.

It is a reduction in the PTV used to calculate production tax.

CSSB 192(RES)
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Establishes a Gross M inimum Tax

. This provision of the legislation will establish a production tax floor
of 10% ofthe gross value ofoil at the point of production for legacy
fields in Alaska. The floor would apply only to fields which have
already produced a billion barrels of oil and are still producing

100,000 barrels a day on average.

. This provision is intended to alleviate concerns that the current floor
does not adequately protect the state when oil prices are low. 1In
fact, at prices as low as $70, the state may take in more with a 10%
gross floor than it would with ACES.

. As consultants have told us, ACES needs to be durable in a wide
range ofprice environments. This provision helps achieve that goal

and protects the state at the downside.
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Separates oil and natural gas for purposes of calculating the

progressivity portion of the production tax

. T his legislation separates oil and natural gas for purposes of

calculating the progressivity portion of the production tax.

. Under current law, the tax rate is based on the com bined BTU value
ofoil and gas. However, oil and gas can, and do, have vastly
different values on a BTU basis. Currently, a BTU ofoil is worth
much more than a BTU ofgas. Accordingly, once a major gas sale
starts, overlaying the existing oil production, the BTU value of the

combined oil and gas would be much lower than it was for oil alone.

. T his legislation rem oves the dilution effect by having progressivity
calculated distinctly for oil and gas. This will result in no reduction

in oil taxes from a major gas sale.
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Creates an Oil Information System

. Concerns have been raised about oil and gas inform ation that is not
available to legislative policy-makers and the public. W hile much of the
inform ation is confidential under law, there is a considerable amount that is
public, but it is scattered among several agencies and can, attimes, be
difficult to find.

. This provision in law will begin the process ofmaking inform ation more
available to the policy-makers, public, and oil and gas companies who may
be seeking to do business in Alaska’s oil fields.

. Alaska Oil and Gas Com mission (AOGCC) will be required to develop an
electronic Petroleum Information M anagement System that will contain
public information currently gathered by the com mission, as well as the
Departments of Revenue, Natural Resources and Labor & W orkforce

Development.

. The legislation directs the departments that have control over the various
aspects ofthe information to provide whatis not confidential to the
com mission in a form suitable for distribution.
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Optimism for Alaska’s Future

7 -8 Dbillion barrels ofoil (plus heavy, shale,

OCS, NPR-A,ANW R)
ANS is worth more now than it was in 1977

Spending Forecast is Up: Above and Below

Ground Infrastructure Rebuilt
Cathy Foerster, AOGCC: ANS is Healthy
D NR Ad: “Alaska: W e’'re Open for Business”

North Slope Boom s
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Intro: Alaska is an Owner State

Summary of DOR Reports

Lessons Learned

DOR’'s “Facts To Begin the Conversation”
CSSB 192(RES): Rationale and Overview

Optimism for Alaska’s Future
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voir integrity question is pertinent to RCA  wise defective,” the commission said in a
certification ofCINGSAs facility, in that a  March 17 order. “Therefore, we deny the Contact Alan Bailey
lack of reservoir integrity would undermine petition for consideration.” at abaileyia.petroleiunnews.com

“For someone new to the state or for a com pany that
does not already have a large production base
credits for capital investm ent and the credit for net

operating losses are very advantageous.”

Savant Resources, 2009

The State of Alaska pays up to 40% of exploration costs

Tax increases and decreases with oil prices and level of
investment: The more you invest, the less tax you pay

Lower taxes for Cook Inlet and in-state gas use

Credit for capital investments, plus a 25% credit for net losses

Alaska is successfully encouraging investment from companies that are new to the state,

with the number of petroleum companies doing business in the state almost doubling
between 2006 and 2008.

Legacy producers on the North Slope are investing in their own assets, leaving room for
new players, as evidenced by Pioneer’s Oooguruk (production started in 2008) and ENI’s
Nikaitchuq (expected to start production in 2010).

The past two years of lease sales on the North Slope successfully leased a total of
1,276,207 acres, all to smaller companies.

“[Tihe state has been a good partnerfor new explorers.”
(Brooks Petroleum Corporation, 2008)

Alaska Department of . .
Division of Oil and Gas

N A T U R A L 550 West 7th Avenue, Suite 1100

Anchorage, Alaska 99501-3560

RE S O U R C E S tel: 907-269-8800

h dIwww. dnr. .ak. il
DIVISION OF OIL 8.GAS ttp:/f dog.dnr.state.ak.us/oil/


http://www.dog.dnr.state.ak.us/oil/
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Abstract

The Prudhoe Bay Field on Alaska’s North Slope has
produced for twenty-one years. Prudhoe's gas and
water production rates are at historic highs, but the oil
production rate has declined to less than one-half of the
peak rate achieved in the 1980's. As a result, significant
excess oil treating capacity exists, with water and gas
handling capacity constraining the current oil production
rate. The owners of the Prudhoe Bay Unit ("PBU")
developed a major facility consolidation plan in 1997
designed to rationalize this excess oil treating capacity
while preserving existing gas and water handling
capacity. The reconfigured facilities are expected to
provide sufficient capacity at a lower cost to
accommodate projected oil, water and gas production
rates over the remaining life of the Prudhoe Bay Field.
This paper describes the Prudhoe Bay Surface
Facility =~ Optimization Project, from conceptual
engineering initiatives in 1996, through preliminary
engineering, economic justification, attainment of
support from operations personnel and approval by the
working interest owners of the Prudhoe Bay Field.
Technical challenges and the challenges of projecting
benefits associated with the consolidations were
resolved through networking and technical discussions
throughout the BPX, ARCO and Exxon world-wide
organizations. The ultimate approval of the plan by the
PBU Working Interest Owners is a clear example of
teamwork and information sharing on a global scale.

Introduction

The Prudhoe Bay Field first produced oil in June, 1977.
Daily production reached a plateau between 1979 and
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1989 at 1.6 million barrels of oil and condensate. The
field has since declined to a total daily production rate of
750 thousand barrels" (combined oil, condensate, and
natural gas liquids "NGLs"). Production to date has

been approximately 9.5 billion barrels of liquid
hydrocarbons with significant additional remaining
reserves. During the field’s development, gas

production has increased to a current annual average of
7.5 BOFD with funded projects planned to increase gas
offtake to about 8.3 BOFD. Gas production is expected
to remain stable into the foreseeable future. Currently,
produced gas is stripped of saleable components and
either reinjected for gas cycling and pressure
maintenance or consumed as fuel in operations on
Alaska's North Slope. Daily water production is
currently 1.3 million barrels and is expected to remain
relatively stable for the foreseeable future.

The field was developed with six large oil separation
facilities, three ARCO operated Flow Stations (Eastern
Operating Area, EOA) and three BPX operated
Gathering Centers (Western Operating Area, WOA).
Each facility was designed with a nominal oil handling
capacity of 330 to 360MBD. Current oil production rates
at the facilities range from a low of 75MBD to a high of
180MBD. OQil production rates are projected to continue
to decline in the future. In developing the field
development and management plans for 2000 and
beyond, the PBU Working Interest Owners recognize
the need to reduce lifting cost commensurate with the
decline in oil production to maintain an economic asset
for as long as possible. The Prudhoe Bay Facility
Optimization Project will play an important role in
achieving reduced lifting costs.

Opportunity for Consolidations Identified

Figure 1 highlights the forecast oil production rate with
the capacity of separation facilities in the WOA. The
three existing W OA facilities each have four separation
trains for a total of 12 trains. Expected oil production will
be less that the capacity of one separation facility within
several years. The situation in the EOA is similar.

In 3Q 1996 a small team consisting of members
from BP, ARCO, and Exxon was chartered with the goal
of developing possible scenarios to decommission
facilities no longer required to maintain projected
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production rates. The team was to use as a starting
point, the various ideas, studies and informal proposals
circulating within the Operator's organizations. if
economic scenarios were developed, the team was to
complete conceptual studies and develop plans for
moving the concepts into preliminary engineering.
Team members were based in Alaska and the United
Kingdom. Some outside contractor and operations
resources were utilized for short periods during the
conceptual phase.

Project Development

The team investigating facility decommissioning and
consolidation opportunities rationalized the various
proposals into a single preliminary engineering proposal
during the second half of 1996. In late 1996, the PBU
Working Interest Owners funded a preliminary
engineering study focused on field wide consolidation.
A combined operator, owner, and contractor team
conducted the study.

The overall objective of the preliminary engineering
study was to evaluate and justify economically the
decommissioning of under-utilized crude oil processing
equipment that is excess to current and future needs.
Boundary conditions were established for the team
requiring the reconfigured facilities to have the ability to
handle and produce crude oil, condensate, gas, water,
NGLs, and miscible injectant ("MI") at rates no lower
than the existing facilities could handle and produce with
projected Prudhoe Bay Field oil, gas, and water
production rates. Further, the proposed facility
configuration could not compromise safety, reliability,
and product quality, and should maintain the ability to
accommodate known potential future new
developments.

Preliminary Engineering

Existing Facilities. Prudhoe Bay wells are located on
centralized gravel pads and directionally drilled to
reservoir targets. Local manifolds at the well pads route
the flow to common flowlines. Flowlines route the flow
to the six separation facilities.

As shown in Figure 2, Prudhoe Bay's installed
separation facilities utilize three stages of separation in
a parallel high pressure/low pressure scheme.
Production from high-pressure wells is separated in two
phase 1st stage separators at 650 psig (HP separators).
Production from low pressure wells is separated in large
three phase separators/slug catchers at 170 psig (LP
separators). The oil/water outlet from the 1st stage HP
separators is combined with the oil outlet from the 1st
stage LP separators in two phase 2ndstage separators at
80-110 psig, where additional gas is removed. The oil
outlet from the 2nd stage separators is routed into oil
dehydrators where remaining water is removed via
electrostatic grids at 50-60 psig. Remaining gas is
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removed in the final 3rdstage separators (or stock tanks)
at slightly higher than atmospheric pressure.  Fluid
composition and temperature leaving the facility is
important because NGLs are blended into the crude oil
stream downstream of the 3rd stage separators for
transportation through the Trans Alaska Pipeline System
and the operating procedures call for maximizing the
volume of NGLs blended.

Figure 3 is a simplified process flow diagram of the
produced water handling facilities at a typical Prudhoe
Bay separation facility. Produced water removed in the
LP separators and the oil dehydrators is combined in
water skim tanks. Oil is removed from the produced
water in the skim tanks via internal design and
residence time, providing water quality sufficient for
reservoir reinjection. Water from the skim tanks is
routed to booster and injection pumps for injection into
the producing intervals while excess volumes are
injected into a higher non-producing formation. Several
of the separation facilities were equipped with further
water treatment facilities, generally gas flotation cells
("GFCs"). The GFCs proved difficult to optimize, and
their use has been discontinued at all but one separation
facility as better upstream separation operation and
better overall optimization achieved sufficient water
quality.

Figure 4 is a simplified process flow diagram of the
gas compression and dehydration facilities at a typical
Prudhoe Bay separation facility. The majority of gas
(500-1900 MM SCFD per separation facility) is produced
through high pressure wells and is separated in the 1st
stage HP separators at 650psig. Gas separated at lower
pressures is treated, compressed, and mixed with the
high pressure gas stream. The majority of this gas is
separated in the 1st stage LP separators at 170 psig
(approximately 600 MMSCFD per separation facility)
and compressed in the Low Pressure System IPS'
compressors. Relatively small volumes of gas are
separated in the 2nd stage separators (roughly 30
MMSCFD per separation facility) at approximately 80
psig and compressed in Intermediate Pressure 'IP
compressors. An even smaller volume of gas is
separated in the 3rd stage separators (under 20
MMSCFD per facility) at slightly above atmospheric
pressure and compressed in the Stock Tank Vapor 'STV'
compressors that discharge into the IP compressors.

The combined high pressure gas stream is routed
directly to local gas dehydration facilities within the
separation centers. Once dehydrated to -40F, gas is
routed to the Central Gas Facility for NGL and MI
extraction. Residue gas from the Central Gas Facility is
then compressed in the Central Compression Facility for
reinjection into the reservoir gas cap.

Forecasts. The three
initially established a

Production
companies

major owner
single consensus
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production forecast for use in preliminary engineering.
This was accomplished by using the higher of the three
companies’ production forecasts for each separation
facility and pressure system. The projected production
capacities then served as lower limits for acceptable
facility capacity. During preliminary engineering, the
project team developed capacity tables for each major
equipment item in each consolidated and receiving
facility, The projected capacities were compared to the
production forecasts to develop pinch point tables that
identified limiting equipment and feasible consolidation
timing.

Development of planned consolidation scope. Initial
studies aimed at eliminating under-utilized equipment

recognized that the separation facilities had
considerable excess oil processing capacity while
operating at near design limits for water and gas

handling. Further discussion and study identified that
the bulk of fluids were separated in the 1st stage HP and
LP separators. Thus, if water and gas could continue to
be processed at each facility while transporting partially
processed "fizzy oil" from the outlet of the 1 stage
separators to a centralized oil processing center, large
parts of some facilities could be decommissioned. This
concept led the study team to conclude that four of the
six separation centers could eventually be converted
into partial processing facilities while maintaining two full
processing facilities.

Preliminary Engineering focused on determining
how to apply the partial-processing concept to the
existing Prudhoe Bay separation facilities. The concept
can be summarized as follows:

1. Maintain first stage separation at all six separation
facilities.

2. Use existing idle or converted cross country
flowiines to transport partially processed "fizzy oil"
from the outlet of first stage separators at partial
processing facilities to the inlet of second stage
separators at full processing facilities for final

processing.

3. Decommission second and third stage separators,
dehydrators/treaters, and the IP and STV gas
compression systems in partial processing
facilities.

4. Decommission related utility systems, some water
treatment facilities, and all other equipment

identified as no longer necessary.

Figure 5 provides a simplified schematic of the post
consolidation arrangement for one of the sending and
receiving facility combinations (figure is simplified to
one production train at each facility). Figure 6 depicts
the overall final consolidation plan ultimately
recommended by the team.

Under the proposed plan
proceed as follows:

consolidations would
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1.The first phase in 1998 will convert Gathering
Center 3 to a partial processing facility, routing its
oil to Flow Station 3 for final processing.
2.The second phase, planned for 2000, will convert
Flow Station 2 to a partial processing facility,
routing its oil to Flow Stationl. Water from both
facilities will be processed at Flow Station 2.

3.The third phase will consolidate Gathering Centers
1 and 2. The timing and direction of this
consolidation could be impacted by the
development of satellite reservoirs located near
these processing facilities. This consolidation
could occur as early as 2000, or as late as 2003.
If Gathering Center 2 is used for processing most
satellite fluids, then Gathering Center 1 will be
converted to a partial processing facility, with its
oil used to fill remaining Gathering Center 2
capacity with excess oil routed to Flow Station 3
via Gathering Center 3. |If Gathering Center 1 is
used for processing most satellite fluids, then
Gathering Center 2 will be converted to a partial
processing facility and its oil will be routed to
Gathering Center 1 for final processing.

4.The fourth phase of consolidation. Planned for
2004, will convert Flow Station 3 to a partial
processing facility, routing its oil and the partially
processed oil from Gathering Center 3 into Flow
Station 1.

5.

Preliminary Engineering Challenges.
Engineering progressed, significant bottlenecks were
identified at the proposed receiving facilities in
dehydrator water handling and in the IP and LP gas
compressors. Design assumptions used to develop
consolidation concepts originally assumed the 1st stage
HP and LP separators would remove 97% of the
entrained gas and the 1s' stage LP separators would
remove 80% of the water. These assumptions,
particularly with relation to water separation, later
proved to be limiting.

With 80% of the water assumed to be removed at
the sending facility, the receiving facilities’ oil
dehydrators/treaters’ capacity was determined to be
insufficient under most scenarios when the facility
received fizzy oil from more than one partial processing
facility. This capacity limitation would delay extensive
consolidation by 5 or more years. Capacity
comparisons showed that reliable separation of 90%
water (rather than the initial assumption of 80%
separation) in the 1st stage LP separators would
overcome the water handling capacity bottlenecks at the
receiving facility.

The team set out to determine whether it was
reasonable to assume reliable 90% water separation in
the 1st stage LP separators was achievable. Field
testing of the existing facilities demonstrated that water

As preliminary
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separation was better than 95% in clean (solids free)
vessels, but only 75-85% in dirty (solids filled) vessels.
Considerable support was enlisted to validate the high
separation efficiency assumptions. Laboratory bottle
testing was completed to determine theoretical oil-water
separation limits based on fluid composition and
modeling was completed in the UK to determine
theoretical separator capability. A world-wide survey of
ongoing operations was used to determine separation
efficiency at other, similar operations. Finally, ongoing
testing was used for several months to validate
performance of clean separators and to validate
feasibility of using on line solids removal with sand jet
systems to maintain clean vessels.

Based on this work, the team accepted higher water
separation assumptions as the design basis for later
consolidations when two partial processing facilities
would be sending fizzy oil to a single full processing
center. Another mitigating factor was that the
intervening years between the first and second
consolidation to a full processing facility allowed time to
test separator performance and validate design basis
assumptions. Given the importance of the water
separation assumptions to the proposed consolidations,
as well as the ongoing savings associated with avoiding
periodic vessel cleanouts, the PBU Working Interest
Owners approved installation of on-line solids removal
sand jetting systems in all 1st stage LP separators not
already so equipped.

Capacity constraints in the receiving facilities were
also encountered in handling the gas produced off of the
3rd stage separators. The capacity of the STV gas
compression systems is utilized at or near its installed
capacity to keep the vapor pressure of the final oil
stream as low as possible to allow the maximum
possible blending of NGLs downstream of the separation
facilities. Routing partially processed crude oil from
sending to receiving facilities would require that all of
the gas entrained in the fizzy oil be handled in the
receiving facility’s STV and IP gas compressors. In
some cases the existing capacity of the STV and IP gas
compressors were used as limits that deferred the
planned facility consolidation dates. In other cases,
economic solutions were developed to accelerate
consolidation timing.

In the case of the first consolidation, GC-3 into FS-
3, a modification was proposed to reduce the amount of
entrained gas in the fizzy oil stream as much as
possible. This modification would route the oil outlet of
the 1s' stage HP separators (flashed at 650-670 psig)
through the LP 1st stage separators (flashed at 150
psig). It was also proposed to compress other very low
pressure gas streams from tank sweep gas, gas
dehydration stripping gas, and other small sources
through a new gas compressor which would discharge
into the first stage LP separators. The resulting fizzy oil

K D. Eager, BP Bxploration, M D Brisooe, ARCO Alaska, Inc, R A Bdduc, BExxon Corparny, USA

278

stream leaving GC-3 would have a low enough volume
of entrained gas that the existing IP and STV gas
compression capacity at FS-3, the receiving facility
would be sufficient without modification.

Project Justification
Benefits Development.
proposed consolidations
following techniques:

1. A bottoms up approach was utilized to develop
projected direct and indirect cost savings.
Savings in maintenance costs for each equipment
item were projected based on eight years of
historical data. The operations representatives on
the team estimated savings associated with a
reduced number of operations personnel. Indirect
savings associated with reduced requirements for
personnel support costs such as transportation,
living quarters, meals and training, were estimated
based on incremental changes in these costs.
The bottoms-up approach provided the foundation
for justification of the program.

2. The total direct and indirect savings were
compared to the total operations and maintenance
budgets as a reasonableness check. The direct
savings estimates were not changed based on this
comparison, but the estimated reduction in
indirect costs was increased. It was assumed that
the magnitude of the consolidations would allow
for a larger reduction in personnel support costs
than estimated on an incremental basis.

3. Benchmarking within BP’s world-wide operations
was utilized to further validate the estimated
savings in direct costs. This approach uses a
detailed comparison of equipment in service with
known performance in other assets, makes
adjustments for local productivity, and allows a
close approximation of operations and
maintenance costs of in service equipment.

Facility Reliability. Another area of analysis during
project justification was projecting the future reliability of
consolidated facilities. With consolidated facilities,
planned or unplanned events at a receiving facility
would impact production from the upstream partial
processing facility, while failures of equipment removed
from service at a partial processing facility would be
eliminated. The team developed a detailed history of all
production impacts at all Prudhoe Bay separation
facilities for the previous eight years and used that as a
basis for projecting future facility reliability. An analysis
was completed of each production-impacting event to
determine whether the proposed consolidations would
eliminate, leave neutral, or increase the magnitude of a
similar event in the future. The projections made using
this method, with reasonable uncertainty bands, were
used in analysis of the proposed consolidations.

Benefits associated with the
were projected using the
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Attention will be given to mitigating possible production
impacts as the planned consolidations are engineered
and implemented.

Workforce and Owner Support.

Workforce Support. Both of the operators encountered
organizational and cultural challenges in estimating the
benefits associated with the proposed facility
consolidations. This resulted from operating cultures
that had largely focused on growth and development of
new reserves for some twenty years. While both
operators had made significant strides to reduce field
manpower and lifting costs since 1990, there had not
been significant decommissioning of facilities to
accompany decline.

Attaining full workforce support of the planned
consolidations is an ongoing challenge and is being
fostered through a broad communication and
implementation plan. An important aspect of the
implementation effort has been ensuring that people
who are affected by changes understand what is
intended and have input to the process. A small, behind
the scenes team has been used extensively during the
first phase implementation to foster work force support.
The team has used the following tools to help develop
support:

1. Workshops

2. Informal Meetings

3. Posters (A series of high level communications

posters explaining what, why, how, when, etc.)

4. Newsletters and other intranet communications

5. TownhaH" meetings (presentations to large

groups of staff)

6. Toolbox meetings at the start or end of workdays

with operations staff

7. Assigning staff to the

implementation teams to
transfer and communication.

project
foster

design and
knowledge

Owner Sanction and Project Go-Ahead.
completion of preliminary engineering in 1997, the
Prudhoe Bay Working Interest Owners endorsed the
facility consolidation plan as proposed. The first phase,
consolidation of Gathering Center 3 into Flow Station 3,
was funded and implementation is underway. The
phased nature of the consolidation plan will allow
validation of estimated implementation costs, estimated
production impacts, estimated benefits, and operability
assumptions before proceeding with additional phases.
The plan is also flexible to accommodate possible
satellite reservoir developments. Future consolidations
will be authorized and funded to accomplish remaining
portions of the plan as economic development plans for
each affected facility are completed.

Several smaller projects identified during the study
are also being implemented during 1998. These

Following
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projects, mostly implemented in the WOA, include the
decommissioning of a single oil treating train from
service at Gathering Center 1 and Gathering Center 2,
the installation of on-line solids removal at Gathering
Center 1 and Gathering Center 2, the decommissioning
of gas flotation cells and related equipment at Gathering
Center 2 and Gathering Center 3 and the elimination of
other minor equipment.

Lessons Learned

1. There is benefit to taking the long view’ when
developing new oil field infrastructure. It may be
possible to incorporate features into original facility
designs that could lower full-life costs by allowing
efficient consolidation of facility infrastructure as a
field's production declines.

2. It may be possible to reduce operating costs or
extend field life in mature fields by consolidating
under-utilized equipment and/or utilizing idle
equipment in a way it was not originally
contemplated, but for which it is suitable.

3. Facility infrastructure consolidation represents
significant change in how a field is operated.
Organizational resistance to such change is to be
expected and may require a significant culture shift
to successfully capture the associated benefits. In
the case of Prudhoe, the focus on development and
expansion has been expanded to include
consolidating and elimination of equipment where
economic.

4. Communicating early, openly, and frankly about
options and eventualities is essential to securing
work force acceptance and support of change.

5. Approaching the development of consolidation
plans, designs, and justification with an integrated
owner, operator, and engineering contractor team is
crucial to success. A team approach with common
goals and objectives is the most effective means of
developing support fora complex program.

6. Early and frequent involvement of the individuals
who ultimately will sanction the project in significant
decisions is instrumental in obtaining project
approval in a timely manner.

Practices that Contributed to Project Success
The project team was staffed from the beginning of the
preliminary engineering phase with representatives from

both operator’s operations, maintenance, and
construction organizations. This proved to be
instrumental in securing operations endorsement of

design and performance assumptions, isolation and
decommissioning methods, safety considerations, fire
protection, and other areas. During later phases of the
preliminary design effort, representatives from the
previously selected construction contractor assigned
staff to the project to assist in developing detailed
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construction strategy, layouts, and detailed, target-
costed cost estimates. As the project has progressed
from preliminary design towards 3Q 1998 installation
and operation, cost estimates completed during
preliminary engineering have proved to be generally
valid and there have been only minor disagreements
with  operations and maintenance organizations
regarding project details, implementation, and operation.

All of the participants in the conceptual and
preliminary engineering phases of the project utilized
global resources to validate assumptions, solve
technical challenges, and provide design assurance.
ARCO, BPX, and Exxon provided technical assistance
from research centers in Dallas, London, and Houston to
solve challenges around multiphase flow in regimes not
previously modeled, separator performance capability,
chemical compatabilities, and other areas. Operations
input was provided from worldwide networks at both
ARCO and BP, including input from Gulf of Mexico,
North Sea, and Middle East operations. Operations
input was instrumental in increasing operator confidence
regarding water separation performance and
assumptions. Contractor staff wutilized consultant
resources to solve challenging multiphase flow
problems. Finally, a peer assist process was used at
several points in the design process to validate and
improve assumptions related to project design and cost,
project benefits, production impacts, cost estimates, and
project schedules. That process brought worldwide
experience to a single location for concentrated,
facilitated reviews and problem solving sessions
(generally concentrated to 1-3 days).

Summary

The Prudhoe Bay owners are now proceeding with the
first phase of a new multi-year facility consolidation
plan.  With successful implementation of the initial
phase, the planned consolidations can continue for
another 5-7 years and will result in a flexible, optimized,
lower cost operation that will support long term
development of the field. Teamwork, communications,
and willingness to change were instrumental in
developing and sanctioning the consolidation program.
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Figure 1. Western Operating Area Production Rate vs Time and Separation Facility Capacity
(Peak Upside Rate Case)

Figure 2: Simplified Separation Facility Oil Processing System

Separation Train shown is typical of 3-4 Parallel Trains.
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Figure 3: Separation Center Water Processing System
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Figure 4: Separation Center Gas Processing System
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Figure 5: Simplified Facility Schematic After Consolidation
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Figure 6: Prudhoe Bay Field Facility Consolidation Plan
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MEMORANDUM

Department of Natural Resources

TO: James Clark
Chiefof Staff
Office ofthe Governor

THRU:

FROM: Mark Myers
Director

Jim,

Thank you for last week’s the opportunity to provide some input to you , the Governor and the
Lieutenant Governor last week. As you requested during the meeting, | am attaching a shortoil and
gas issues paper. Obviously, a short paper only scratches the surface of some very complex and
difficult issues that are key to the Governor’s goal of increasing production. We at the Division
would welcome the opportunity to provide you with a longer and more detailed briefing. A more
detailed briefing would take about two hours and could be accomplished on short notice, subject to

your availability.

lam emailing this package, however | also send ahard-copy thatincludes a Gas Pipeline Supply map
generated by the Division in September, 2002.

State of Alaska

Division of Oil & Gas

DATE:

FILE NO.:

PHONE NO.:
FAX:

SUBJECT:

January, 02,2002

269-8800
269-8938

Oil and Gas Briefing Paper

Again, thank you for the opportunity to provide suggestions to you on oil and gas policy.



Meeting the Governor’s Goal
Increasing Oil & Gas Production by Three Percent Per Year

Division of Oil and Gas
January 2, 2002

Oil production from the main reservoirs in Alaska’s largest producing fields is dropping by
approximately 10% per year. Production from satellite fields, increased development of heavy
oil resources, and the development of Pt Thomson will in the short term offset this decline, but,
these alone will not be sufficient to meet the Governor’s goal of increasing oil and gas
production by three percent per year in 2005 and later years. To meet the Governor’s goal, a
significant number of new oil and gas fields will need to be discovered and brought on line. We
at DNR believe that the geologic potential exists on the North Slope and Beaufort Sea for the
discovery of sufficient reserves to meet the goal. However, for that to be accomplished there
must be a dramatic increase in the number of exploratory wells drilled in the near future and new
discoveries must be rapidly delineated and developed (See attached graph). The State can and
should play an important role in stimulating this new wave of exploration.

Mergers and market concentration on the North Slope have created a non-competitive
environment in which three majors have a near monopoly that gives them a large competitive
advantage in exploration, development, production, and transportation. It is this uneven playing
field that has raised the barrier to new entrants, from smaller independents through large
integrated majors. As long as these majors invested sufficient capital for exploration and
development activities, the State accepted the consequences of the oligopoly. Since the existing
majors no longer are willing to invest sufficient resources on exploration or development, the
State must look elsewhere. The State must look beyond the existing majors to the new wave of
independents and remaining majors. This situation parallels the experience in other oil and gas
basins worldwide, several of which have successfully made this transition.

Independent oil and gas companies are bullish on Alaska and prepared to explore and drill as
long as certain barriers to entry can be diminished. The State can help reduce those barriers to
entry. Oil and gas companies make their investment decisions based on their evaluation of the
geologic potential of an area, economics, and their tolerance for risk. Independents are excited
about Alaska’s geologic potential. However, they are concerned about the near-monopoly on
access to facilities, the high cost of TAPS pipeline transportation, the uncertainty of access to a
gas pipeline, the timeliness and certainty o f permitting, and access to data. The State can address
these concerns and make for amore competitive environment at the same time. Accordingly, the
administration may want to consider one or more of the following potential courses of action,
each of which is relatively low cost:

1. Streamline permitting.
2. Provide easy and expanded access to data critical to the evaluation of oil and gas
prospects.

3. Require that fees to existing underutilized facilities by just and reasonable.



4, Sell a portion of the State’s royalty gas to guarantee exploration in the North Slope
Foothills.

5. Assure a lower pipeline tariff for explorers by leaving a portion o f the in-state oil
market to those without an ownership interest in TAPS, selling only enough royalty
oil to assure in-state refiners access to affordable crude.

6. Stop defending TSM-based TAPS tariffs and consider actions that may encourage
those without an ownership interest in TAPS to challenge the interstate tariff.

Additionally, if the State chooses to offer financial incentives, it may want to target those
financial incentives to accomplish the Governor’s three percent goal. Specifically, it may want
to:

1. Condition any incentives for the construction of a gas pipeline on the granting of
access to that gasline on terms more typically akin to oil pipelines than gas pipelines.

2. Condition any incentives targeted at existing fields on the granting of access to
facilities under cost-sharing terms deemed reasonable by the State (e.g. use utility
rate-making principles).

3. Limit any program ofexploration incentive credits by time and volume, and to fields
a specified distance from existing areas of production.

Several ofthe low cost and subsidized means of providing for a more competitive environment,
and hence more production, are discussed below.

1. Selling Royalty Gas to Foothills Explorers.

The Foothills area is a gas-prone region. Itwill not be explored by those seeking oil alone, and it
will not be explored absent access to a gas pipeline in sufficient volumes to allow for commercial
development. To acquire acommercially viable quantity of space in the gas pipeline, the
Foothills explorers must commit to pipeline capacity in an initial “open-season” for the pipeline,
which will be conducted shortly after an initial decision to build the pipeline is announced.
During the open season, the Foothills explorers will be required to sign contracts obligating them
to pay for pipeline space for a period as long as twenty-five years, regardless of whether they are
successful in finding gas to fill that space. Companies will make this type of commitment only if
they are certain they will have access to gas to ship. The State can provide that certainty by
offering to sell a portion of its Prudhoe Bay and Pt. Thomson royalty gas to Foothills explorers,
who could then carry the royalty gas in their pipeline capacity until such time as they have
enough of their own Foothills gas to fill the pipeline capacity they must pay for.

Following competitive bidding, DNR, Anadarko, and EnCana agreed on terms for the sale of
royalty gas to Anadarko and EnCana, though the contracts will not become effective unless this
administration chooses to prepare a final best interest finding in favor of the sale and the
legislature approves the sale this legislative session. Under the proposed contracts, Anadarko
and EnCana offer to pay the State as much as it would receive for its gas if left in-value with the
Prudhoe Bay and Pt. Thompson producers, plus an upfront premium of $350,000, a premium of



$2 million for every five years of purchases, and a per/MCF premium of $0.02 in years 1-5,
$0.04 in years 6-10, $0.06 in years 11-15, etc. They also commit to spend not less than $50
million on exploration in the Foothills, and to local hire, local training, a preference for in-state
gas use, and a preference for in-state gas processing. Northern Economics concluded that the
State would be bettered by $6.4 billion if the royalty sale proceeds and the explorers are
successful in the Foothills; net benefits to the State would be lower in the event of exploration
failure.

To capture the benefits of sale of royalty gas to Anadarko and Encana, the administration must
issue a final best interest finding in favor of the sale within the next month, and must submit the
proposed sale to the legislature for approval in the 2003 legislative session.

2. The TAPS Tariff- Making It Just and Reasonable

On November 27, 2002, the Regulatory Commission of Alaska issued a decision in which it
concluded that the intrastate TAPS tariffexceeded just and reasonable rates by $9.9 billion
(20%) from 1977-1996, and by 57% from 1997-2000. The rationale provided by the RCA
extends, logically, to interstate tariffs, which apply to 90% of Alaska’s North Slope oil, though
the matter has yet to be brought before FERC.

Explorers— indeed all without an ownership interest in TAPS—would be well served by a TAPS
tariff limited to just and reasonable rates. |1fthe RCA decision is projected into the future and
applied to both intrastate and interstate barrels, it could improve company economics by $1-
2/bbl. This difference is substantial, and apt to be decisive for anumber of potential new
projects. However, the State needs to act to maximize the benefits of the RCA decision.

W hile there may be legal impediments that limit or prevent the State from sharing in the benefits
ofthe RCA decision when it comes to calculating royalties and production taxes on existing
production, the State should nonetheless support lower tariffs for independents, in-state refiners,
and anyone willing to invest new capital in exploring remote regions of Alaska. To this end, the
administration may want to consider the following:

a. Sell royalty oil to the in-state market, but only in such volumes as to
assure the availability ofthe in-state market to those without an ownership interest in TAPS.
Until such time as there is a successful challenge to the interstate tariff, a lower tariffwill be
available only to the in-state market, which totals 90,000-100,000 b/d. Companies such as Forest
Qil, Murphy, Anadarko, and Chevron-Texaco currently have North Slope production, but no
ownership interest in TAPS. Their production levels should be totaled, and the State should
consider not competing against them for that volume of the in-state market. The State’s restraint
in its royalty oil sales will send the clear message that it is intent on improving the economics for
new players and minority interests. And while the State’s royalty income will be somewhat
diminished by its failure to monopolize the higher-value, in-state market, perhaps that is
appropriate given the State’s historic role in creating tariffs recently adjudged too high.

b. Stop defending the TAPS Settlement Agreement and TAPS Settlement
Methodology. While the State historically defended the TSM, it did so before a regulatory body
had adjudged the consequent rates as grossly excessive. Given the RCA’s decision, it is time to



stop defending the TSM. Arguably, there will be a further cost to stopping— to “losing”—due to
the interstate make-up provisions of the TAPS Settlement Agreement, but that cost is no greater
than 10% o f the total of excess tariffs paid under the TSM. Moreover, the Carriers will appeal
the RCA decision with or without State participation; hence, the State will obtain any alleged
advantages of areversal of the RCA decision regardless o f whether it participates in an appeal.

C. Examine ways to encourage a challenge to the TAPS interstate rate.
W hile the terms of the TAPS Settlement Agreement may prevent the State from appearing before
FERC in support of lowers tariffs, the State might be able to create an incentive for another party
to undertake the task and costs of such aproceeding. For example, if legal, perhaps the State
could sell a portion ofits royalty oil to an interstate shipper on price terms that would share the
benefits of a decrease in FERC-approved tariffs.

3. Conditioning Incentives for the Construction of a Gas Pipeline.

The State may want to consider conditioning any incentives for the construction of a gas pipeline
on the granting of access to that gasline on terms more typically akin to oil pipelines than gas
pipelines.

Pipeline regulation is an artifact of Lower 48 practices and the prior regulation of natural gas
prices. As a consequence, different rules and practices prevail for oil and gas pipelines, though
there is little pragmatic difference between a single ANS oil pipeline and a single ANS gas
pipeline in the absence of pipeline regulation. Nonetheless, TAPS has been regulated as a
common carrier, and consequently potential shippers can obtain pipeline space on relatively
short notice and for short periods o f time; in the event of excess demand for pipeline space,
pipeline capacity is prorated among all. Conversely, the federal government will regulate an
Alaska gas pipeline as a contract carrier. Parties wishing pipeline space sign contracts obligating
them to pay for that space years before pipeline construction begins; commitments to space may
extend for 15-25 years. Consequently, access may be denied for 15-25 years, or may be limited
to expansion capacity, which itselfis too limited in volume and too uncertain in timing as to
warrant exploration risk and expense.

W hile the State could not normally dictate that a gas pipeline be a common carrier, or something
more akin to a common carrier, it can condition the grant of pipeline incentives on improved
terms for access. The national energy bill considered by Congress this year included certain
terms intended to improve access; that bill may or may not become law in the next year, and if it
does, the access terms may or may not remain intact. The State may want to consider
conditioning any pipeline incentives— such as a property tax holiday— on access terms equal to
or stronger than those included in the national energy bill.

4. Streamline Permitting

Three major permitting issues need to be resolved. Permits must be issued in atimelier maimer,
permit requirements must be consistent with stipulations and mitigation measures supported by
science and engineering data, and the process for the permit applicant must be clear, efficient,
and reliable. There are multiple different models and organizational structures that could be used
to accomplish these goals, all of which have advantages and disadvantages. These alternatives



will not be discussed in this briefing paper. However, there are several key improvements that
should be made independent of organizational structure.

The current permitting system does apoorjob of analyzing and managing risks. Many of the
issues involving oil and gas permits revolve around mitigating very low risk but high impact
events, such as large spills or well blowouts at a remote location. In order to properly assess and
mitigate these events, the state needs ahigher level of technical expertise in the permitting
agencies. For example, DEC would be well-served by having an experienced drilling engineer on
staff. Additionally, risk management issues often cross agency lines of responsibility but are
poorly understood or communicated between agencies. Itis imperative that division and
department managers, directors and commissioners have the technical knowledge, policy
coordination and willingness to work together to achieve the common goal oftimely and
environmentally responsible permitting of oil and gas projects. Given the reality of limited staffs
and funding, it is also extremely important that managers are constantly prioritizing work and
deadlines based on the larger best interest of the state. Finally, the state should be aggressive in
pursuing and encouraging the use of newly developed technology that can both decrease risk and
environmental footprint. This support must be institutionalized within the regulatory regime.
Anadarko’s Arctic Platform and well-capping are two such examples of this new technology.

One of the significant inefficiencies in the permitting process is overlap and redundancy of
standards and agency requirements. For example, past delays in oil and gas project permitting
has been caused by the inefficient interaction between ACMP and ADEC s air quality permitting
and contingency spill plan approval processes. A possible solution for this and other
redundancies is to reinterpret the regulatory requirements to avoid separate agency
determinations under the same standard.

From a Division of Oil and Gas perspective, our greatest historical problems with permitting
have come from delays caused by internal agency elevations on lease sales or exploration
licenses. Many ofthese delays are the result of conflict between the Southcentral Region of the
Division of Habitat and Restoration of the Department of Fish and Game and DNR. These
internal elevations have in some cases delayed the issuance of leases or licenses for more than a
year. From the Division’s perspective, the Division of Habitat and Restoration has often used
the process as a negotiating tool to gain concessions and to extend their authority beyond that
justified by current statutes and regulations. These politically-motivated elevations must be
eliminated. Elevations should only occur when the elevating agency can support their concerns
with solid scientific and other factual data. The elevation process should not be used as a
standard interagency negotiating tool with the associated effect of creating long delays in
projects and leasing.

5. Access to Data

Independent oil and gas companies and newly involved major oil companies lack data crucial to
their evaluation of the North Slope and other basins. This data includes seismic, well log and
core data. The State should do all it can to assist in making this data readily available. In
addition the State—possibly in conjunction with USGS--should expand and focus geological
research and publication-in order to provide baseline non-confidential information to industry.
Specifically, the State should require that seismic data be made public 10-15 years after it is



acquired or require that it be made available for purchase at low cost through a brokerage
system. The State should continue its effort to create a WEB-based system for downloading
publicly available well log data. The State should require that a 1/3 section of each core be given
to the State, instead of the current core chips every foot. This standard is used in Canada with
great success. This data would become public information on the same schedule as currently
used for well data. Furthermore, the State’s current core facility is entirely inadequate. The
State should build or lease a new facility, which would also contain the publicly available well
and seismic database. This facility could be built in conjunction with the United States Geologic
Survey, United States Department of Energy, Bureau of Land Management, Minerals
Management Service and/or the University of Alaska. | am pursuing your suggestion that we
investigate the seafood processing facility to determine its feasibility as a core facility.

6. Access to Remote Areas For Oil and Gas Exploration and Development

As exploration and development activities move away from established core areas that can be
reached through the existing infrastructure or with relatively short length ice roads, different
methods will need to be used for physical access. Given significant variations in terrain, climate,
biological and cultural environment, and the geology of these remote exploration sites, no single
method will be used for access.

The State can improve access by encouraging the development of new lighter weight drilling rigs
that are more readily transportable by air or rolligon, eliminating the need for some ice roads.
Other technologies that should be encouraged are the use of removable mats for temporary roads
and Anadarko’s elevated arctic platform. Finally, the State should evaluate the need for new and
improved roads to remote areas, new airstrips, and remote exploration and equipment storage
pads (insulated ice, mat, or gravel). Any decision on roads and airstrips should target the areas
of highest oil and gas potential and should consider the needs oflocal communities. The State
will need to address complaints that new roads may increase cumulative environmental impacts
and will face strong opposition from environmental organizations and others opposed to oil and
gas exploration in ANWR and other remote areas.
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Oil and Gas Consolidation

Two options: Create a Department of Oil and Gas/Department of Energy: or
strengthen the DNR Division of Oil and Gas (DO&G)

Department of Oil and Gas or Department of Energy Approach

Positives:

Direct access to Governor, and Cabinet.

Some efficiency gains if the Alaska Oil and Gas Conservation Commission
(AOGCC), most permitting functions, some of Department of Law’s (DOL),
Department of Community and Economic Development’s and DO&G’s
functions are consolidated.

Department would have higher public visibility and potentially a more
unified approach when dealing with industry and the federal government
on oil and gas issues than do the various divisions.

A new and separate department may have the ability to create an exempt
workforce at near industry salaries that would allow the state to recruit and
retain highly-skilled experts throughout the Department

Negatives:

Will require substantial legislation with new regulations and long period of
reorganization

A substantial part of the efficiency gain would come from combining the
AOGCC and the DO&G. This will be opposed by industry, which prefers
an independent AOGCC

Will place in separate Departments the surface ownership responsibilities
that are currently under the Division of Mining, Land and Water (DMLW)
and the subsurface responsibilities under DOG

Substantial consolidation of oil and gas permitting into a single
Department will require duplication of permitting staff for non-oil and gas
permitting (mining, timber, infrastructure, fishing, manufacturing etc),
which would presumably need to remain in the current agencies.



Recommendations to Strengthen the Existing Oil and
Gas Structure Within DNR

e Permitting: Expanded use of large mine coordinator model with respect to
oil and gas exploration and development permitting

e Move Habitat Division of the Department of Fish and Game and the
Division of Governmental Coordination into DNR.

e Return royalty audit authority to the Division of Oil and Gas and recruit a
very experienced and highly motivated auditor with an industry
background to lead the audit group.

e Create a research section within the Division of Oil and Gas to include
focused geoscience and engineering research, and commercial studies.

e State Geologist position should be in Anchorage. To the extent that
Division of Geological and Geophysical Surveys (DGGS) Energy Section
stays independent of DO&G, its research effort should place a higher-
emphasis on applied basin analysis in support of exploration and
development. Under this option, DGGS should have at least one position
in Anchorage filled with an experienced petroleum geoscientist.

e Increase joint research efforts with the United States Geological Survey,
Department of Energy and University of Alaska on projects that have
significant impact to commercial oil and gas development

e In order to accelerate the process of bringing new production on line,
increase DOG staffing in unitization, leasing and permitting.

e Full funding of DO&G to fill existing vacant positions (reservoir engineer,
permitter/inspector and accounting technician

e Rebuild the Royalty Accounting system so that it integrates better with
other key state systems and can be used more efficiently and effectively
for commercial analysis in advance of audits and royalty reopeners.

e Build or lease a modern core facility to replace the inadequate facility at
Eagle River. The facility should contain an oil and gas well log library.
This facility will create a one-stop data center for independents. Advocate
for funding support from DOE, USGS, MMS, NSF, universities, and
industry.



Increase funding for outside experts with respect to commercial issues
including facilities access, gasline and royalty reopeners.

Increase very focused promotional efforts toward attracting new
companies to Alaska beyond AAPG and NAPE.

Create a more positive attorney-client relationship with the Department of
Law, particularly with respect to policy decisions and direction.
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INCREASING PRODUCTION AND REVENUE - DIVISION OF OIL AND GAS
Impart Timing/ Duration

No. Category Item
Increase Exploration

Access & Activity Seismic Data

Well Data

Basic Research

Increase outreach to
Independents.

Facilities

Production and Revenue Proposals - Division of Oil and Gas

Action
Released to public after
reasonable time
Fed/ State seismic data sharing
Limit confidential Period
Fed/ State well data sharing
More emphasis on basic Oil &
Gas basic geologic &
geophysical research
Increased federal funding
Acquire specific expertise
Reprioritization of DGGS effort
Public access to basic research -
Locate effort in Anchorage to
facilitate industry-government
relationship;
DOE grant for digital Log,
Mapping, & Lease Sale data
Modern core data public
repository
Better coordination with USGS,
MMS, DOE, and BLM
Engage in technical discussions;
provide information, data, advice
Study cost & cost-sharing;
Report findings
Facilitate reasonable published
commercial facility access fees;
Regulate if necessary

Page 1

Short

Medium
X

> X X

> X X >

>

11/20/2002

Long

O



Production and Revenue Proposals - Division of Oil and Gas

0

No.

Category Item

Pipelines & Other
Transportation

Incentives Federal Incentives

State Incentive

Action
Study ways to pool equipment
(rigs, spill prevention & cleanup)
Use Unitization Authority
proactively to protect correlative
rights, state’s interests, and
enhance competition.
Assure reasonable access to
contract carrier & other
transportation. (See also
Pipeline in section 4, above)

EOR /Heavy Oil Tax Credit;

O CS Royalty Reduction
Section-29 Credits for Coal Bed
Methane

Gasline price floor credit (state
royalty share included)

Oil/Gas exploration tax credit for
Foothills / Interior Basins.

EIC credits for exploration; make
itfocused & discretionary
[Caution: impact of state credits
are dampened by federal tax
deductibility]

EOR credit external to unit if in
state’s interest; revise royalty
reduction statutes

Increase chargeable acreage
cap in specific areas with
specified conditions

EIC to be non-transferable and
used only in field of exploration

Page 2

0

Short

Medium

X

11/20/2002

Long

O



No. Category Item

3. Permitting Process/Administration

Stipulation & Mitigation
Measures

Federal Acreage

Exploration &
4. Unitization development
requirements

Production and Revenue Proposals - Division of Oil and Gas

O

Action
Streamline; quicker;
coordinated; better risk
management;
Education & awareness
Progressive leadership
High technical expertise
Scientific management
Better state-fed-local
coordination
Extend tundra travel and winter
drilling seasons
Emphasis on creative efficient
solutions - not problems
Assure timely permits and
reasonable Permit Terms (E.g.,
PTU $150 million per year
revenue gain)
Stop Authority Creep; Limit
Elevation
Justify stipulation with data/
evidence (where’s the beef?)
Encourage development of
known, undeveloped fields -
Liberty, Hammerhead, Kuuvium.

More aggressive; Tougher

commercial & work-commitment
terms upon unitization.

Page 3

Short Medium Long

X
X
X
X
X
X
X
X
X
X
X
X
X
11/20/2002

O



No. Category Item
5 Leasing Accelerate lease
) issuance
Work Commitments
Exploration Licensing
Lease Sale Policy
State-built basic
6. Infrastructure A
7 Federal Revenue
' Sharing NPRA
ANWR
8. State TaxeS Production Tax
ELF
ELF

Property Tax

Tax Audit

Production and Revenue Proposals - Division of Oil and Gas

0

Action Short Medium

Eliminate current one-year delay X

Areas near infrastructure - short X
terms and/or work commitments

Areas with no infrastructure - X
apply work commitments

Modify Licensing; more

emphasis on Shallow Gas; more X
discretion to DNR commissioner
Higher minimum bids; use
reservation prices to assert
option to reject bids

More leasing coordination with X
Native Organizations & Fed

Increase lease rental rates

>

Roads, Transportation &
Communication Systems

Reallocate revenues to state
general fund

90/10 per Statehood Act v.
50/50 as proposed in legislation

Tax Rate- Modify (statute)
Add progressive price term
Modify definition of “Field”
(Administrative)

Modify allocation between
boroughs and state Gen Fund.
Make audit more thorough and
aggressive; increase field work

Page 4

0

11/20/2002

Long

O



0

No. Category Item
9. State Royalty Audit Authority

NPSL’s

Process & Admin

Re-openers

10 General CommerCial Conflict of interest

RIK Oil and Gas
Pipeline Tariffs

Production and Revenue Proposals - Division of Oil and Gas

Action
Change from DOR to DNR
Examine cost allocation
methodologies to be certain they
are appropriate and equitable
Make more thorough & timely
Increase skill level
Accelerate Electronic Reporting
Capture Full Value; pro-active
monitoring of markets & costs
Increase analysis of data
Increase support from legal and
outside experts
Increase in-house training
Fund Legal support through
DNR budget
Redistribute royalty revenue
away from Perm Fund (Repeal
Chp.13 to pre-1979 status)
Enforce standards w/ outgoing
employees
Maximize
Limited to actual and reasonable
TAPS - Revisit Settlement;
conduct comprehensive review
New Pipelines - Re-evaluate
need for settlements
Support non-PL owners before
FERC - (Interpret duty to defend
clause correctly - Initial hearing;
not ongoing.)
Gasline deductions - actual and
reasonable

Page 5

Short
X

Medium

11/20/2002

Long

O
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Prudhoe Bay: Development History and Future Potential
by D.J. Szabo, BP Exploration (Alaska), Inc. and K. O. Meyers, ARCO Oil and Gas
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ABSTRACT

Prudhoe Bay Field is the largest producing field in
North America. Prudhoe Bay is currently expected to
yield at least 25% more reserves than estimated at
field start up. This paper briefly describes the history
of the field and some of the key developments that
have taken place which have contributed to improved
ecovery efficiency. These incremental develop-
ments have resulted from a process of continuous
surveillance, interpretation of field performance, man-
agement of multiple reservoir mechanisms, efficient
utilization of the gas resource, and exploitation of the
existing field infrastructure.

There are four dominant recovery processes currently
at work in Prudhoe Bay; Gas Cap Expansion/Gravity
Drainage, Waterflood, Miscible Flood, and Gas
Cycling. Continuous management of these processes
and analysis of field performance leads to identifica-
tion of attractive targets for further development.
Major components of the current field development
plan are described in this paper.

Prudhoe Bay is seen by many as a mature oil field on
an inevitable and irreversible decline. The major
Owners in Prudhoe Bay continue to pursue incremen-
tal developments to mitigate decline and supplement
proved reserves. Unit technical studies are typically
done in multi-company, multi-disciplinary work teams.
The pooling of resources in this manner has enabled
efficiency gains and has promoted the sharing of
ideas and best practices. The current view of poten-
tial future development targets and some of the oppor-
tunities under consideration for development of these
targets are discussed.

iterance and illustrations at end of paper

INTRODUCTION

Prudhoe Bay field was discovered in early 1968 by
ARCO and Exxon with the drilling of the Prudhoe Bay
State #1 well. A confirmation well was drilled by BP
Exploration in 1969. The nexj 8 years saw frenetic ac-
tivity as ARCO, BP, Exxon and other companies with
lease holdings in the vicinity worked to delineate the
reservoir, resolve equity participation, put together an
initial plan of development, and design and construct
the initial infrastructure.

Prudhoe Bay came on stream in June of 1977, rapidly
ramping up production until the field's maximum allow-
able rate was reached in 1979 at 1.5 MMSTB/D. This
plateau rate was maintained until 1988. The current
production rate from the field is approximately 1.15
MMSTB/D.

In late 1992 the 8 billionth barrel of liquids was pro-
duced from Prudhoe Bay. Pertinent Prudhoe Bay
facts are listed in Table 1.

GEOLOGICAL SETTING

The Prudhoe Bay Field is a combination structural
and stratigraphic trap. A regionalcross section repre-
sentative of the Alaskan North Slope is shown in
Figure 1. (Ref 1). The Unitized intervals are of Triassic
age and include the Sag River Formation, Shublik
Formation, and the Sadlerochit Group. The most im-
portant interval is the Ivishak Sandstone of the
Sadlerochit Group which contained more than 95% of
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the unitized original liquids in place and accounts for
the vast majority of proven and potential reserves.
The Geological setting has been described in detalil
(Ref. 1,2,3).

RESERVOIR CHARACTERIZATION

Reservoir character plays an important role in the se-
lection of reservoir processes to be applied for effi-
cient depletion of the reservoir and interrelation of
field performance for management and optimization.

The Owners' understanding of reservoir character
and its influence on reservoir performance has
evolved through time. (Ref 4) For example, in early
1992 after fully two thirds of the expected recoverable
reserves had already been produced from Prudhoe
Bay, the Owners embarked on an ambitious two year
study to better describe the lower most and poorest
quality section of the reservoir. This effortis in support
of ongoing performance analysis and depletion stud-
ies aimed at identifying effective means to improve ul-
timate recovery from the interval. (Ref. 5) Stochastic
modeling techniques have been successfully applied
to advance our ability to interpret field performance
and predict future behavior. (Ref. 6) Today the reser-
voir description toolbox contains methods for develop-
ing a lithology based deterministic sand/shale de-
scription, stochastic methods for generating multiple
realizations of interwell reservoir character that honor
observed well data, and a wide range of field surveil-
lance data with which to condition the various plausi-
ble reservoir descriptions developed. Reservoir de-
scriptions are routinely generated for input to reservoir
simulation models using these toots. We have learned
that close interaction between reservoir describers
and reservoir modellers is necessary to ensure the
description is fit for purpose. (Ref. 7)

Reservoir description is also critical for characteriza-
tion of the remaining targets enabling definition of in-
cremental development potential.

FLUID DISTRIBUTION

The Prudhoe Bay reservoir was saturated at discov-
ery and had a large gas cap in direct communication
with the oil rim. This fan-shaped reservoir dips at 1 to
2 degrees from Northeast to Southwest. There is a
very large associated aquifer. The gas cap directly
overlies approximately two thirds of the oil rim.

A variable thickness but areally extensive zone of
relatively low APl gravity crude is found at the
oil/water contact. This zone is termed the Heavy Oil
Tar (HOT). The HOT plays an important role in reser-
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voir performance acting as a partial barrier to water in-
flux.

In addition to the oil target in the oil rim, there are sig-
nificant liquid resources in place in the original gas
cap. The condensate yield of gas cap gas at original
conditions was approximately 30 STB/MMCF. The
gas cap also contains a significant amount of "relict"
oil. This oil exists in the liquid phase at very low satu-
rations and is a remnant of the saturation and geologi-
cal history of the reservoir.

An approximate distribution of original liquids in place
is given in Figure 2.

A schematic cross-section illustrating the initial fluid
distribution is shown in Figure 3.

DEVELOPMENT OVERVIEW

The initial development plan for Prudhoe Bay envi-
sioned 500 or more wells on nominal 160 acre spac-
ing. The area under the initial gas cap would be de-
pleted by gravity drainage, while the peripheral areas
downdip from the GOC would be subject to a water-
flood due to anticipated inefficient pressure support
from the gas cap.

The initial development plan also anticipated gas
sales starting lip within 5 years of first oil production.
Gas sales for other than local fuel have not material-
ized to date and as a result field development plan-
ning has been modified accordingly. Gas sales
prospects are discussed briefly later in this paper.

Maximum allowable oil offtake rate was set at 1.5
MMSTB/D for the field. Condensate and Natural Gas
Liquids could be produced in addition to the "black
oil". The maximum allowable offtake rate was speci-
fied by the Alaska State Oil and Gas Conservation
Commission (AOGCC) based on testimony by the
Owners and consultants contracted by the AOGCC.

The oil column was in excess of 400 feet thick in the
heart of the reservoir. Early development wells were
completed with a minimum of 100 feet of standoff to the
Gas Oil Contact (GOC) and 50 feet of standoff to the
Water Oil Contact (WOC). Initial well capacities were
often in excess of 20 MB/D.

At field start up in June 1977, 63 wells were available
for production. Development drilling has continued
unabated since then. The total number of develop-
ment wells drilled to date is greater than 1100. Drilling
is a key component of many incremental reservoir de-
velopment projects. Virtually all of the reservoir is de-
veloped on nominal 80-acre spacing today. There
are plans to drill up to 300 more wells by the end of the
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lecade associated with various improved recovery
projects.

Aside from drilling, two major projects dominate the
development history of Prudhoe Bay; waterflood and
produced gas handling capacity expansions.

A brief description of each of these major projects
gives insight to the range of development studies that
have been undertaken since field start up.

W aterflood Development

Development optimization studies have continued
from before startup through present day. In the early
stages of field depletion a major effort was undertaken
to define the appropriate scope and timing for the
planned waterflood. Early in field life reservoir perfor-
mance data was gathered providing insight into the
effectiveness of primary depletion in various parts of
the reservoir. The operators used this early perfor-
mance data to optimize the scope of the waterflood
project. Ultimately it was agreed among the PBU
Owners that the waterflood would cover the majority of
downdip areas beyond the extent of the original gas
cap and the Eastern ‘Flow Station 2“ area of the field.

Key parameters in defining waterflood scope were
reservoir character, aquifer strength, production per-
formance, the timing of gas sales, and water sources.

Key components of the installed waterflood infrastruc-
ture include a sea water treatment plant with a design
capacity of 2 MMBW/D of water, two water injection
plants (one on each side of the field to boost injection
pressure) and several miles of seawater distribution
lines with diameters ranging from 6 to 40 inches. By
mid 1984, the water distribution network and sea water
treatment plant were installed and commissioned. The
seawater treatment plant was commissioned with a
daily capacity of 1.5 MMBW/D.

Seawater injection commenced in the fall of 1984 into
the North West Fault Block (NWFB), Eastern
Peripheral Wedge Zone (EPWZ), and the Flow
Station 2 (FS-2) areas of the field. The Western
Peripheral Wedge Zone (WPWZ) came on line in mid-
1985. The major waterflood areas are shown in plan
view in Figure 4.

Since waterflood start-up, a considerable amount of
attention has been applied to the management of the
floods and interpretation of performance results. (Ref.
8, 9) Many unexpected challenges have arisen and
been dealt with. Reservoir character has been a
dominant factor in waterflood performance as ex-
pected. The challenges varied in the different areas
of the waterflood. High permeability contrast in "single
zone" targets, poor injectivity/productivity, and verti-
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cal barriers providing effective isolation have all been
encountered. In spite of the challenges, waterflood
performance has exceeded all expectations. Ultimate
recovery by waterflood is expected to be in excess of
50% in all the major flood areas. Supplementing the
strong waterflood performance is an ongoing Miscible
Gas flood which will ultimately affect the entire water-
flood area.

The applicability of EOR techniques was under study
even before the waterfloods started up. At Prudhoe
Bay, the Owners found themselves in the position of
having to process a large stream of produced gas with
no commercial market. The gas was reinjected into
the gas cap to provide pressure support, but it was
recognized early on that there was a captive source
for a hydrocarbon miscible injectant. Recognition of
this resource provided incentive for the Owners to
develop a comprehensive EOR program. Unit studies
led to a pilot Miscible Injection project with start up in
1982, the Flow Station 3 Injection Project (FS3IP).
The large scale Prudhoe Bay Miscible Gas Project
(PBMGP) started up in 1987. Further expansions to
the PBMGP were certified in 1992. Details of the pro-
cess selection and initial design have been described
in detail. (Ref. 10,11,12)

The latest certification covers the entire waterflood
area including prospective waterflood expansion tar-
gets adjacent to the current floods. Ultimately more
than 130 injectors may be converted to water-alternat-
ing-gas (WAG) injectors. The volume of Ml available
for the PBMGP is expected to peak near 700
MMSCF/D upon completion of the Gas Handling
Expansion Phase 2 project in 1994. A map of the cur-
rent extent of the PBMGP and future expansion areas
is shown in Figure 5.

Manufacture of MI for the PBMGP is part of a compre-
hensive project that also enables extraction of NGL's
from separator off gas. The Central Gas Facility (CGF)
is the key facility component of this project, itwas in-
stalled in 1986 and was expected to process 3 BCF/D
of separator off-gas to produce up to 50 MB/D of NGL
for blending with the crude stream into the Trans
Alaska Pipeline System (TAPS) as well as 250
MMCF/D of Miscible Injectant (MI) for the PBMGP.
CGF modifications made since the plant started up
allow 5.5 BCF/D of gas to be processed, yielding ap-
proximately 70 MB/D of NGL and 400 MMCF/D of
miscible injectant.

Gas Handling Capacity/Gas Cycling

The initial plan of development called for installed gas
handling capacity of more than 2 BCF/D. This design
was predicated on a larger waterflood than was ulti-
mately implemented and the expectation of an early
gas sale.
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As the reservoir matured and the prospect of gas
sales in the near future dimmed, it became apparent
that the gas handling capacity of the field would be-
come a limiting factor in field production. Free gas
production became more and more difficult to avoid in
the Gravity Drainage area. (Ref. 13)

Through a series of incremental steps involving facil-
ity debottlenecking, compressor upgrades, pipeline
upgrades, and installation of the CGF the gas han-
dling capacity of the field was increased from 2.4
BCF/D in 1986 to approximately 3.9 BCFD by 1988.

Installation of the CGF and associated increases in
Field Gas Offtake (FGO) offered the Operators in-
creased flexibility to further optimize the recovery of
gas cap condensate, gas cap relict oil, and residual
oil from behind the encroaching gas front in the grav-
ity drainage area by managing the distribution of field
gas offtake.

The success of historical gas offtake increments in
boosting field production and reserves led to further
optimization efforts. A significant increment in facilities
would be required to increase gas handling capacity
further. The prospect of large capital expenditures re-
quired a detailed assessment of the reservoir benefits
that would flow from increases in gas handling. The
reservoir benefits of a gas handling expansion have
been characterized as "Black Oil" or separator liquid
recovered as a result of being able to produce wells at
higher Gas - Oil Ratios (GOR's), “Vapor Phase" or
additional separator liquids recovered as a result of
cycling additional gas through the reservoir which
displaces condensate laden rich gas and vaporizes
residual oil, relict oil, and retrograde condensate,
"NGL" which is liquids recovered at the CGF by pro-
cessing a greater volume of separator off-gas, and
"EOR" which is oil recovered as a result of manufac-
ture and application of a larger volume of miscible in-
jectant in the miscible floods. After developing a more
thorough understanding of the nature of the reservoir
benefits, and a considerable amount of facilities engi-
neering study and optimization, the Unit agreed to the
funding and implementation of the Gas Handling
Expansion 1 project (GHX-1) in 1987. This project
was implemented in late 1990 increasing the field gas
offtake from an annual average of 3.9 BCF/D to 5.5
BCF/D. In 1990, the Owners agreed to a second
GHX project (GHX-2) which will be implemented in
two stages beginning in 1993 with an increase in peak
FGO capacity of 1.3 BCF/D in the Western Operating
Area (WOA) of the field. The second phase for instal-
lation in 1994 will increase peak FGO capacity by a
similar amount in the Eastern Operating Area (EOA).
Upon completion of GHX-2 total field gas offtake ca-
pacity will be 7.5 BCF/D annual average.
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Understanding the reservoir benefits of gas handling
expansions has led to more emphasis on the manage-
ment of the gas cycling process and awareness of the
"compositional" nature of the reservoir. Estimates of
remaining reserves suggest that the expected future
production from Prudhoe Bay can be attributed in ap-
proximately equal thirds to continued black oil pro-
duction from the gravity drainage area of the field,
continued production from the waterflood/ EOR areas,
and vapor borne liquids - condensate, NGL, and va-
porized relict and residual oil recovered as separator
liquids primarily from gravity drainage area wells.

THE INTEGRATED SYSTEM

Prudhoe Bay has evolved through time to an exten-
sive facility infrastructure fully integrated with the
reservoir processes to optimize recovery. This
"System" is depicted schematically in Figure 6.
Bottlenecks in the system dictate the field's production
capacity.

Many of the projects implemented in Prudhoe Bay
represent the largest of their kind in the world.
Integration between projects is extremely important
and adds another dimension to the complexity of de-
veloping incremental opportunities. Any perturbation
in the integrated facility/reservoir system needs to be
fully understood and its impacts on the existing devel-
opments, both competitive and synergistic, need to be
quantified and accounted for.

Learning to identify what and who needs to be in-
volved in assessment of a development opportunity
has been one of the significant advances in being
able to maximize the value captured from the Prudhoe
Bay resource.

HISTORICAL PERFORMANCE

Prudhoe Bay cumulative production had exceeded 8
billion barrels of liquids by the end of 1992. Historical
production performance is shown in Figure 7.

The field's oil production capacity dropped below 1.5
MMSTB/D in 1988 "officially" signaling the start of
decline. The onset of decline was a direct result of
limited gas handling capacity as opposed to limited oil
production capacity. GOR's have continued to rise in
the field as the reservoir and in particular the gravity
drainage process has matured. Aggressive well
workover and stimulation programs and ongoing field
development programs have been able to mitigate the
overall rate of production decline, holding it to an av-
erage of approximately 5% per year over the last 5
years. The field's underlying "base" decline rate is
difficult to ascertain given the pace of wellwork and in-
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remental development activity. Individual well de-
clines vary widely, but on a regional basis tend to av-
erage in the 15% to 25% per year range.

RESERVES GROWTH

The success of the ongoing field development pro-
gram has translated into reserves growth of more than
25% since field start up. Prior to field start up, the
Operators' estimate of recoverable reserves was 9.6
BSTB. Today recoverable hydrocarbon liquid re-
serves are expected to approach or even exceed 12
BSTB.

Estimated ultimate recovery of liquids from Prudhoe
Bay is approaching 50% of estimated original in place
liquid volumes. Projected recovery factors in this
range may suggest limited upside associated with in-
cremental development. A closer look at reservoir
performance on a regional basis reveals some very
attractive development opportunities. In some sec-
tions of the reservoir, projected recovery factors are
in excess of 60% while in others, projected recovery
factors are significantly below average. Analysis of
the relative maturity or success of reservoir processes
helps define the most attractive targets for incremental
development.

APTURING INCREMENTAL VALUE
Reservoir Surveillance

An extensive surveillance program was implemented
during the early stages of development which is still
maintained. This program includes open and cased
hole logs, core acquisition, production and injection
logs, repeat formation tester (RFT), pressure, chemi-
cal and radioactive tracer, and detailed production
data. This data has proved critical to the interpretation
of field performance, management of the reservoir for
optimum depletion, and as a basis for defining incre-
mental developments.

Reservoir surveillance methods have evolved
through time driven mainly by demands of the complex
data set we are working with and facilitated by ad-
vances in technology for managing and visualizing
the data captured.

The key to our reservoir surveillance effort is a nu-
meric "static* model of the reservoir. The static model
is a volumetric model with a framework created from
"hard" well and seismic data. All hard data recovered
from specific wells is hung on this framework. The
static model also contains digital versions of maps of
virtually all mappable parameters which have been
created from the available hard data. Mapped sur-
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faces are stored on a very fine grid which can be in-
terrogated at any point in space to get an interpreta-
tion of the reservoir and fluid character.

Base input data for all reservoir models and most other
reservoir studies is derived from the static model.

The static model also allows us the flexibility to update
the "tank" with observations of present day fluid con-
tacts so that a "current" picture of the reservoir's at-
tributes can be output or displayed for any section of
the reservoir under study.

In Prudhoe Bay, the fact that multiple mechanisms can
be active in any part of the reservoir complicates in-
terpretation of surveillance data and makes predic-
tions of future performance difficult. Throughout the
life of the field, variations in offtake distribution have
caused lateral fluxes to vary in direction, magnitude,
and composition. Complexities like this demand that
multiple tools and in most cases, a multidisciplinary
team are required to interpret field performance.

Reservoir description is one of the key controls on
reservoir performance, interpreting reservoir behav-
ior, and predicting future performance. The descrip-
tion of the Prudhoe reservoir has evolved over the
years. In the early days of field production, having a
good handle on reservoir description was not critical
since for the most part wells were completed in rela-
tively homogeneous, high quality sands, and it was
adequate to have a feel for the position of any large,
correctable reservoir events. Any anomalies in well
performance or fluid movement could be reconciled
with a relatively primitive reservoir description.

The dependence of reservoir performance on reser-
voir character has been amplified as the field has
matured. It is not surprising that the regions of the
reservoir holding the most potential for further ex-
ploitation are the more complex and/or lower quality
reservoir zones.

Reservoir Management

Reservoir management is a broad topic which will be
defined here as the integration of available information
on reservoir performance, facility infrastructure, and
predicted future performance to maximize the value of
the asset.

Prudhoe Bay presents a considerable challenge in
reservoir management because of the complexities of
the reservoir and facility constraints.

Effective reservoir management will lead to capture of
maximum value from the asset with the currently in-
stalled infrastructure and reservoir processes. It will
also enable the identification of opportunities for in-
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cremental developments. Day to day operations are
managed by region - with the major regions being the
Gravity Drainage and Waterflood/ EOR areas.

In the gravity drainage area, the primary producing
constraint is gas handling capacity, therefore the ba-
sic reservoir management strategy is to maximize daily
oil rate within gas handling constraints and without
jeopardizing long-term reservoir performance.
Producing characteristics of the gravity drainage area
have been described in Ref. 13.

In the waterflood /EOR flood areas, the basic reservoir
management strategy is the same, but the guidelines
applied are specific to the waterflood/EOR mecha-
nisms. The overall objective is to mature the oil re-
covery process as rapidly as possible with a minimum
of produced water and maximum efficiency of the
available miscible injectant.

The supply of miscible injectant is finite, being dic-
tated by the CGF gas processing capacity. Efficient
use of the available MI is critical for maximizing the
economic value of the EOR flood. Novel methods for
monitoring EOR flood response and efficiently dis-
tributing the available MI to target EOR flood patterns
have been implemented. (Ref. 14,15,16)

Development Opportunities

A discussion of future development opportunities re-
quires a description of the expected nature of the
reservoir fluid distribution at the end of field life with
the current development plan. Background on the
reservoir description that is dictating where those re-
sources will reside is also required.

An integrated understanding of reservoir character,
reservoir performance, facility capacities and limita-
tions, and reservoir management objectives allows
the Owners to identify opportunities for capturing in-
cremental value. These opportunities can involve op-
timization of reservoir processes, implementation of
new/improved reservoir processes, facility debottle-
necking and expansions or changes in reservoir
management guidelines.

Large increases in facility capacity are prohibitively
expensive and at this time appear unwarranted. There
are expected to be opportunities for improved recov-
ery from the reservoir through incremental develop-
ments, optimization of existing processes or improve-
ments in reservoir management strategy.

A look at the reservoir with the approximate fluid dis-
tribution at the present time gives an indication of the
character of potential development targets in Prudhoe
Bay.
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Targets that have been identified for future develop-
ment include:

Zone 1. Zone 1 is probably the largest ‘conventional”
development target. Development of Zone 1, the low-
ermost reservoir interval, has lagged the other zones
in the reservoir because of its relatively poor quality
and consequent inability to compete hydraulically
with the other zones in multi-zone completions. Until
recently, development of Zone 1 as a stand-alone
target wasn't competitive with other development op-
portunities. In the gravity drainage area of the field,
the gravity drainage process is expected to be rela-
tively inefficient in Zone 1. Poor vertical and lateral
connectivity will result in a significant oil "Pad" at the
base of the oil column which we will be unable to pro-
duce at competitive GOR's. Recovery from this zone
may be enhanced by drilling on denser well spacing,
the application of non-conventional (horizontal or
very high angle wells at 85 to 95 degrees), and pos-
sibly by implementing a waterflood. Unit technical
work predicts a target of up to 1.5 BSTB oil in place in
Zone 1 at the end of field life if no further development
occurs. This potential development target is actively
being addressed from several aspects by multi-com-
pany, multi-disciplinary work teams.

The only waterflood/EOR flood area with significant oil
in place in Zone 1 is the northern part of the FS-2
area. The depletion maturity of Zone 1 lags the other
intervals in this flood primarily due to poor reservoir
quality which impedes the ability of Zone 1 to com-
pete hydraulically in production and injection.
Dedicated Zone 1 waterflood development was be-
gun in this area in 1991 with a successful in-fill drilling
program. Further dedicated Zone 1 development is
planned for 1994.

W aterflood/EOR Areas. Performance of the water
and miscible floods has been outstanding in aggre-
gate, generally exceeding all early expectations.
Pattern by pattern and regional performance analysis
helps identify areas that are performing relatively
poorly. Anomalous performance may be due to sev-
eral factors including reservoir quality, reservoir
structure, pattern geometry, flood rate, etc. Kwan dis-
cussed some of the techniques used for identification
of anomalous waterflood behavior in Ref. 9.
Exceptional performance in parts of the water-
flood/EOR flood area has raised expectations for the
entire flood and has heightened the Operator's aware-
ness of opportunities which may be available. In 1991
a Unit technical team recommended a novel program
to redevelop a portion of the NWFB waterflood/EOR
flood area. This project would increase the well den-
sity from nominal 80 acre to 60 acre spacing and con-
vert the existing inverted 9-spot flood pattern to a line
drive. This program, termed High Viscous to Gravity
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Ratio Flooding (HVGR), was expected to improve re-
covery in the target area from 62% to 66%! (Ref. 17)

A systematic program of Pattern Size Reduction (PSR)
is ongoing in the WPWZ waterflood/EOR area to im-
prove flood performance in an area that has lagged
behind the field average. (Ref. 18)

Peripheral Development. Development of the pe-
riphery of the field, both down-dip and up-dip, has
lagged behind the more productive heart of the field
due to relatively thin LOC, relatively low productivity,
and expectations of difficulty in competing for facility
capacity due to either high water cut or high GOR.
The target in the up-dip periphery is Zone 1 which has
been discussed. In the down-dip periphery the target
is upper Zone 4, another relatively low quality inter-
val. The greatest challenge in this part of the reservoir
is achieving a completion that will sustain flow at eco-
nomic rates.

In both the up-dip and down-dip periphery, the appli-
cation of high angle well technology promises to un-
lock more reserves. In both cases the reservoir thick-
ness is not sufficient for successful fracturing and the
productivity gains achievable with high angle wells
present an opportunity to capture the reserves. In
1992, 13 wells were drilled in peripheral areas target-
ing less than 75 feet of oil column. Continuing ad-
vances in drilling technology are providing the oppor-
tunity for cost-effective development in the periphery.

Gravity Drainage Area. The gravity drainage pro-
cess is very efficient in PBU however it is a time-de-
pendent process. Unit studies indicate that the resid-
ual oil saturations in the depleted part of the GD area
will be between 20% and 30% at the end of field life.
This residual oil represents a target of 3 - 4 billion bar-
rels of oil that is well defined in terms of location and
character and is readily accessible through the more
than 600 wellbores that are expected to have been
drilled in the GD area by the end of field life.

Selective infill drilling may access reserves isolated
structurally, or otherwise inefficiently depleted.
Increasing well density to 40-acre spacing over the
entire area cannot be justified at this time, but ad-
vances in drilling technology which would enable
more efficient wells or less expensive wells could
change this outlook.

Further increases in gas handling capacity are cur-
rently not being contemplated, but remain a possibility
under more favorable economic conditions.

Enhancing the gas cycling process by managing lean
gas sweep may allow some of the GD residual oil to be
recovered through vaporization.

O
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Potential Future Opportunities

The Owners are continuing to identify development
opportunities in the field. The opportunities do not be-
come a part of the Unit Field Development Plan until
technical studies have been completed to assess their
viability and the Owners reach consensus on the
project. There are several opportunities which are
currently under study. Potential projects include:

Pressure Management. This project would involve
injecting a large volume of water into the gas cap area
to mitigate the rate of pressure decline in the reservoir.
Increased reservoir pressure over the remaining life of
the field could yield incremental oil reserves through
enhanced inflow performance throughout the field, im-
proved vaporization efficiency, displacement of rich
gas cap gas to producing wells, and reduced shrink-
age. Risks associated with this project include poten-
tial impairment of the gravity drainage process by un-
favorable water flux, potential impairment of gas re-
covery, and potential water handling problems.

40-acre Infill Drilling. The reservoir is currently de-
veloped on nominal 80-acre spacing. Studies are on-
going to define the potential for adding to the reserve
potential by increasing the well density. The work is
focused on the gravity drainage area. Attractiveness
will depend on reservoir character. There is potential
for more than 200 locations if the reservoir benefits
can be defined with reasonable certainty and if drilling
and tie-in costs can be reduced substantially.

Fieldwide HVGR. This project would extend the con-
cept applied in the NWFB HVGR project to the rest of
the waterflood/EOR areas. Success of HVGR is de-
pendent upon reservoir character and sufficient Ml
availability. As many as 150 new wells may be re-
quired to address all the potential target areas.
Controlling facility and drilling costs will be critical to
the viability of this project.

Gas Sales. The gas resource in Prudhoe Bay is
large. Recoverable dry gas for sale is expected to be
in excess of 20 trillion cubic feet after accounting for
estimated North Slope fuel usage.

To date, produced gas has been reinjected into the
reservoir to enhance oil production in the absence of
a gas sale. Gas reinjection benefits oil production by
helping to maintain reservoir pressure, cycling
through the reservoir and vaporizing residual oil and
condensate, and by supplying the components to
make the hydrocarbon miscible injectant used in the
EOR flood.

Gas sales will have an impact on oil production. The
most immediate effect would be an increase in the rate
of reservoir pressure decline. The amount of gas cir-
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culating through the reservoir will be reduced and the
amount of Miscible Injectant that can be made will
also be reduced. Counteracting these losses, gas
sales may prolong the economic life of the oil rim re-
sulting in incremental oil recovery. Quantification of
these reservoir impacts is largely a function of the
timing and rate of gas sales.

The Owners are continuing to assess the opportunity
for gas sales and the potential impacts of a gas sale
on ongoing development. However, reservoir man-
agement is only one challenge among many which
must be addressed to realize commercialization of the
gas resource.

Other Targets

Other targets include the ‘minor reservoirs" which
were unitized along with the lvishak, but which have
been relatively unattractive compared to ongoing
lvishak development. There are plans to drill the first
dedicated Sag River producing wells in the 1993
drilling program. Improved drilling and completion
technology is a key to unlocking more of this re-
source.

At the end of field life, more than 12 Billion barrels of
hydrocarbon liquids are expected to be left in the
reservoir. This is oil that is unrecoverable using pro-
cesses and knowledge available to us today. This
target is one that attracts a great deal of attention from
the Owners who are continuously investing in
Research and Development to try and identify means
to unlock more of the resource. Capturing only 10% of
this target represents more than a billion barrels of ail -
far more than any recent field discovery in the United
States.

Prudhoe Bay development has provided an integrated
infrastructure hub on the North Slope. There are sev-
eral small discoveries in the vicinity of Prudhoe Bay
which are uneconomic as stand-alone developments.
It may be feasible to develop these pools if capacity in
Prudhoe Bay facilities becomes available. The
Prudhoe Bay Owners are investigating options for de-
velopment of some ofthese pools.

CAPTURING DEVELOPMENT OPPORTUNITIES
Unit Process

The process for reaching consensus on future devel-
opment opportunities in the Unit has evolved through
time and is far more efficient today than it was just a
few years ago. A large part of this improvement can
be attributed to recent emphasis on development of a
consensus Unit Depletion Plan.
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Unit Depletion Plan. In early 1992 representatives of
the Major Owners met to identify and work through
barriers to a consensus Unit Depletion Plan. A priori-
tized list of key technical issues that would need to be
addressed was agreed and Unit teams put in place to
address them. All Owners recognized that further
development would be impaired if Unit consensus
could not be achieved on these or any other technical
issues that may arise. Itwas agreed that the most
efficient means of achieving technical consensus
would be to form work teams with representation from
all the major Owners and consensus work plans.
Also, the Owners may need different levels of
technical support on the various issues and work
plans have to accommodate (within reason) the needs
of all companies on each issue. Finally, and perhaps
most importantly, the Owners realized an opportunity
to minimize duplication of effort, to share best
practices, and to build a healthier work environment
through cooperation. The Depletion Plan Elements
now represent the key opportunities being addressed
in the Unit at this time. This will ultimately result in the
capture of more value for all the Prudhoe Bay Owners.

Work Process

The entire petroleum industry has been evaluating
business processes recently. Various terms have
been used to describe these efforts to simplify and
streamline processes, provide higher quality prod-
ucts, and empower employees to identify and imple-
ment improvements. ‘Process Evaluation Teams" and
‘Continuous Improvement Process Teams" typically
identify significant opportunities for process efficiency
improvement through improved communication. This
was true in Prudhoe Bay as well. An "assembly line"
process for working up development opportunities had
prevailed historically whereby Geoscientists would
work up the reservoir description for an area of the
reservoir, the Reservoir Engineers would develop a
scheme for improving recovery from the reservoir, the
Facilities Engineers would design and build a facility
to accommodate the new project, the commissioning
team would install the project on the North Slope and
then they would hand it over to the Operations people
to manage. We all know that if each of these steps is
carried out independently, there is a high probability
that the project will be sub-optimum. Considerable
animosity can also be experienced along the way as
specifications are not understood or are not reason-
able or appropriate.

Placing emphasis on who the customers are for the
product to be delivered and who the suppliers of input
to each stage of the process has helped overcome
inefficiency in the work process. In practice multi-
disciplinary teams are set up at the outset, common
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loals and objectives are agreed, and workplans are
established which accommodate continuous feed-
back between disciplines throughout the project.

SUMMARY

Efficient development of additional reserves has been
achieved in Prudhoe Bay Field.

A thorough understanding of reservoir mechanisms
and reservoir description facilitated by working in
multi-disciplinary teams supported by a comprehen-
sive surveillance program is required for development
of a major oil field like Prudhoe Bay.

Effective management of a large resource like that
available in Prudhoe Bay can yield attractive incre-
mental development opportunities as the field matures.
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Abstract

Introduction
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In many mature fields, the production of oil, gas, and water is facility constrained. For such fields, optimal
use ofexisting surface facilities is the key to increasing well rates and/or reducing production costs. Here
we propose solution procedures for such nonlinearty constrained production optimization problems. The
objective function ofthe optimization problem is oil or gas producbon from the field. Production is subject
to multiple flow rate constraints at separators, pressure constraints at specific nodes of the gathering
system, total gas-lift volumes, and maximum velocity constraints for pipelines. The control variables are

the well rates, gas-lift rates, and well allocations to flow lines.

The problem is formulated as a mixed integer nonlinear optimization problem and is solved by a heuhstic
nonlinear optimization method. The optimization algorithm is coupled with models for multiphase fluid

flow in the reservoir and surface pipeline network in a commercial reservoir simulator+.

The proposed procedure was tested in a GulfofMexico oil field and a published example, and then
applied to the Prudhoe Bay field in the North Slope ofAlaska. Results demonstrate the effectiveness and

business value of the developed tools.

In some mature fields, oil production is constrained by the gas and/or liquid handling capacities of
surface facilities. W hile facility expansion may be an option to increase rates, it may not be the
optimal choice. An economic alternative is to make optimal use of existing production facilities. In

this study, we address the following operational decisions to enhance production:

1. How to control well rates with chokes?
2. How to distribute available lift-gas among specified wells?
3. How to route fluids by switching well connections to flow lines?

These operational decisions are constrained by multiple capacity constraints in production facilities

and wells, along with velocity constraints in flow lines to avoid excessive corrosion/erosion.

Various aspects of the gas-lift optimization problem have been studied by Kanu et al.1 Buitrago et
al.2, Nishikiori et al.3, and Martinez et al.4 using various optimization techniques, i.e., the equal-slope
method, a Quasi-Newton method, and a genetic algorithm. Fang and Lo5 proposed a linear
programming model to optimize lift-gas subject to multiple nonlinear flow rate constraints. Inthese
studies various gas injection scenarios were evaluated using gas-lift performance cuiwes for
individual wells, ignoring interactions among wells. Dutta-Roy et al.6 analysed a gas-lift optimization
problem with two wells sharing a common flow line. They pointed out that when flow interactions

among wells are significant, nonlinear optimization tools are needed. They applied a Sequential
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Quadratic Programming (SQP) method to a linearly constrained gas-lift optimization problem with

13 wells and showed the advantages of their method.

Qil production inthe Prudhoe Bay and Kuparuk River fields is constrained by the gas handling limits
of surface facilities. Barnes et al.7 presented the Western Production Optimization Model (WPOM)
for the Prudhoe Bay field. This model maximizes oil production while minimizing the need for gas
processing. Their model allocates the oil rate and gas rate to surface facilities and wells based on the
“incremental GOR™ concept, which produces the next incremental barrel with the lowest GOR.
Litvak et al.obuilt an integrated reservoir and gathering system model of the Prudhoe Bay field, and
employed some heuristic methods to allocate well connections to manifolds. Gas-lift rates were
allocated based on gas-lift tables of gas-liquid ratio, liquid well rate and water cut. Lo et al.9
developed a linear programming (LP) model that allocates well rates subject to multiple facility
constraints. This LP model was then used as a screening tool to evaluate development
opportunities at the Kuparuk River field. Stoisits et al.10,11 applied a neural network to determine
optimal allocation of lift-gas to wells subject to multiple gas constraints inthe same filed. The neural
network was trained by results obtained from nodal analysis++ simulations. In 1997, Stoisits et al.12
addressed the production optimization problem at Kuparuk River field using a genetic algorithm. In
their study, the decision variables were production well status (shut-in or open) and incremental

GOR for drill sites. A neural network model was used for the surface pipeline network.

In most commercial reservoir simulators1314, rate constraints on facilities are handled sequentially
by ad hoc rules. For example, first, gas constraints are considered at the lowest predictive well
management (PWM) level. Ad hoc rules based on the gas-oil ratio of production wells are applied
to scale well rates and meet the gas constraint. Then, water, liquid, and oil rate constraints at the
lowest PWM level are sequentially handled and the procedure is repeated for the next PWM level,
etc. Furthermore, gas-lift optimization is usually considered separately from well rate optimization
using, for example, the following approach. First, lift-gas rates are determined for specified wells
based on their gas-lift performance curves or other information. Then, these lift-gas rates are scaled
using some rules to match constraints on total amount of available gas. A number of such
procedures are available in commercial reservoir simulators. Insome cases, these procedures may
not yield the optimal solution. Also, using such approaches, it is difficult to determine how much of
the gas handling capacity should be used for gas-lift and what portion should be allocated for other

purposes.

In summary, available literature does not provide robust procedures for the simultaneous
optimization of well rates, lift-gas rates, and well connections. Either only a part of the problem is
addressed, or ad hoc rules are used that lead to sub-optimal operations. Hence, it is necessary to
design approaches that can simultaneously optimize all control variables subject to all constraints. In
the approach presented here, different control variables are optimized using different algorithms,
yet these algorithms can be combined together in a flexible manner to optimize all control variables
simultaneously. The optimization tools are tested on a synthetic case based on an oil field in the
Gulfof Mexico (GoM) and on a published example, and then successfully applied to the Prudhoe
Bay oil field.
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Description of the Optimization Problem

The type of constraints considered in this study include the following: minimum pressure at the
bottomholes and/or tubingheads of production wells; maximum/minimum oil, gas, water, and/or
liquid flow rate in production wells; minimum pressure atthe inlet/outlet of flow lines; maximum oil,
gas, water, and/or liquid handling capacities of surface facilities; maximum fluid velocities in pipelines
to mitigate excessive erosion/corrosions; and maximum amount of gas available for gas-lift at
different PWM levels. The objective isto increase the short-term oil production by allocating well

rates and lift-gas rates.

In some fields, well connections to separation facilities can be switched. On such fields, the
optimization algorithm should also guide the operator on when and how to switch well

connections so that the production facility is fully utilized.

In summary, we wish to optimize well production rates, lift-gas rates, and connections to the
separation facilities in a way that maximizes total oil/gas production subject to applicable constraints.

This problem is formulated as a mixed integer optimization problem:

nw
maximize ~ A "wnilni (*,>>). (la)
subjectto Cj(X,y) <0, j =1,..m, (Ib)
yefi* (Ic)

where nw isthe number of production wells; wp j isthe weighting coefficient for gp the flow rate
of phase p from well /; c, represents the/th constraint; x is the continuous decision variable,
namely, the well rates and the lift-gas rates; andy is an integer variable indicating well connections;

Q we represents the domain of feasible well connections.

Overall Methodology

A commercial compositional simulatorl5that can simultaneously simulate multiphase fluid flow in
reservoirs, well tubing strings, and surface pipelines was used. The gathering system had a tree-like
structure without loops. Flow line junctions are modeled as nodes of the tree. Each node can have
any number of input connections but only one output connection. A link represents sequentially
connected flow devices (pipeline, choke, etc.). Two nodes can be connected by a link or a flow
device. The pressure and rate constraints are imposed on either wells or nodes.Well bottomhole

and/or tubinghead pressure constraints are considered (See Litvak et all6for details).

The optimization tools are combined with the solution procedure for modeling flow in the coupled
reservoir and gathering system in the following manner (Step 1-5 define one outer iteration ofthe

coupling procedure):

l. Start with pressure and fluid compositions in reservoir gridblocks calculated inthe previous
outer iteration. Use well lift-gas rates and well connections from the previous outer iteration

as initial guesses.
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2. For well i, perform the following operations:
a. Switch well i from its current output connection to a new feasible output connec-
tion.
b. Determine well production rates from pressure drop calculations in well tubing

strings and surface pipeline network system subject to pressure constraints in wells
and nodes 16. These rates are used as additional maximum well constraints in Step
2(c).

c. Invoke optimization tools to redefine well rates and lift-gas rates to maximize the
objective function (la) subject to flow rate and velocity constraints. (These optimiza-

tion tools are described in the next section).

d. Repeat Step 2(a)-2(c) for all feasible output connections ofwell i. Define the output
connection that produces the maximum objective function value as the best output

connection of well /.

e. Decide ifwell i should be switched to the new connection as determined in 2(d),

based on operational rules.

3. Select a new well and repeat Step 2.
4. Based on user selected criteria, repeat Steps 2 and 3 until convergence.
5. Determine active constraints in wells and nodes. Linearize multiphase fluid flowequations

for well tubing strings and the surface pipeline network system (numerical derivatives are

used). Add these equations to the linearized fluid flow equations for reservoir gridblocks.

6. Solve the linearized system of equations, and repeat Steps | to 6 until convergence of outer
iteration.
7. March to the next time step.

In Step 2 to 4 only a small portion of the domain of feasible well connections is considered, this is
referred to in this work as the partial enumeration method. Step 2(e) and (4) are rule based and
operational policies can be enforced at these stages. Inthe current implementation, the user may
define the maximum total number of well reconnections allowed and the flow rate threshold for

well switching.

The optimization tools used in Step 2(c) for well rates and lift-gas rates allocation can be invoked

without performing well connection optimization.

Optimization Tools Used for Well Rates and Lift-Gas Rates Allocation

Three methods with increasing robustness but decreasing efficiency are used for the allocation of
well rates and lift-gas rates in Step 2(c) ofthe overall methodology: a linear programming method, a
separable programming method, and a genetic algorithm. Various techniques were developed to

provide flexibility in handling problems of different sizes and complexity.

Let ane*,p = 0,9, w, be the well rates for well i from step 2(b). The linear programming (LP)
method’ scales these rates to satisfy flow rate and velocity constraint. Assume that the water cut

and gas liquid ratio of each well is constant. Then any flow rate between 0 and nmex can be
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expressed as where (Xj € [oa] isthe rate-scaling factor of well i. Consequently, the
objective function and the constraint functions in problem (1) are linear functions of CL . Hence .
problem (1) with fixed well connections becomes a linear programming problem, which can be
solved by either the simplex method v or the interior point method 18. In this study, we use the
simplex method, because the optimal solution from the simplex method is always an extreme point

of the feasible region.

The separable programming (SP) method extends the work of Fang and Lo5. In this method, we
take the well header pressure from the previous optimization iteration as the minimum pressure
constraints on that well head and perform nodal analysis to obtain a gas-lift performance curve for
each well. Besides, the relationship between the oil flow rate and the formation gas or water flow
rate can also be approximated by piecewise linear curves. Hence the lift-gas, formation gas, or
water flow rate can be regarded as functions of a single variable (the oil flow rate of that well). And
problem (1) with fixed well connections becomes a separable programming problem. An SP
problem can be reformulated as a linear programming problem or a mixed integer programming

problem18.

Inthe SP method, the gas-lift performance curves and inflow performance curves are obtained by
ignoring interactions among wells. This is reasonable when the flow through well chokes is critical
(reaches sonic velocity) or the pressure drop across tubing strings is dominant. However, there are
cases when flow interactions cannot be ignored. In such cases, We need to evaluate gas-lift
performance by rigorous simulation. Consequently a nonlinear optimization algorithm has to be
employed. Currently we use a genetic algorithm for its robustness and ease of use. Inthe genetic
algorithm, we take the lift-gas rate as the decision variable, and evaluate the performance of a lift-
gas distribution scenario in the following manner. First, we perform rigorous facility simulation with
the allocated lift-gas subject to the pressure constraints. Then the LP method is used to scale the
well rates if certain flow rate or velocity constraints are violated, and assign the optimal function
value from the LP method as the fitness of the corresponding lift-gas distribution. Other aspects of

the genetic algorithm can be found in Goldbergi9.

Applications Inthis section, we firsttest the LP method and the partial enumeration method on a synthetic case
based on an oil field inthe Gulfof Mexico (GoM). Then we applied the SP method to a published

gas-lift example. Finallywe applied the developed tools to the giant Prudhoe Bay field inthe North
Slope of Alaska.

Gulf of Mexico Oil Field Example
An integrated reservoir and surface pipeline network model has been built for one of the Gulf of

Mexico oil field. Our test example is based on this reservoir.

Five production wells, Al1-A5, are tied to a 40-slot conventional fixed-leg platform. Ten production
wells were drilled from a 10-slot subsea template and connected to the platform by two 22000
feet long pipelines. On the platform, a three-stage separator processes the produced fluids. Wells

Al-A5 can be tied to any stage of the separator. Wells BI-B10 can be connected to either the
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low-pressure stage or the high-pressure stage of the separator. Figure | illustrates the production

system.

For evaluation purposes, we impose two hypothetical constraints on the gathering system. The

separator has a maximum of 30 MMSCF/D gas handling capacity and a maximum of 5000 STB/D
water handling capacity. Moreover, the separator cannot receive gas from either pipeline at a rate
more than 12 MMSCF/D. Our job is to maximize the oil production by selecting appropriate well

rates and well connections.

Qil
Gas

Water

Figure I: Gulf of Mexico oil field gathering system

W e made three predictive runs using a commercial simulator. Each run predicts the oil production
for about five years. Inthe first run, we sequentially checks flow rate constraints and scale the well
rates. Inthe second run, we apply the LP method to select the well rates. Inthe third run, we apply
the partial enumeration method with the LP method to optimize the well rates and well

connections simultaneously. The results are plotted in Figure 2-6.

run |I: scale well rates sequentially.
run2: scale well rates using LP method

run3: optimize well rates and well connections

0 500 1000 1500 2000

Time, days

Figure 2: Normalized total oil rate
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Time, days Time, days
Figure 3: Normalized total gas rate Figure 4: Normalized total water rate
Time, days Time, days

Figure 5. Normalized gas rate at HEADER_Y Figure 6: Normalized gas rate at HEADER_Z

The well rates are normalized by some fixed oil, gas, and water rates. Figure 2 shows that run2 can
produce at a much higher rate than run I. Run3 is even better. Over five years, run | predicts |112%
more oil than runl, and run3 shows 18.9% more oil than run I. The excellent performance of run2
and run3 can be explained by Figure 4-6. As shown in Figure 4, the oil production in run I is always
limited by the water rate constraint. This is due to the fact that the procedure in run I first scales the
highest GOR wells to meet gas constraints, and then scale the highest water cut wells to meet
water constraints. This results in a suboptimal solution. Run2 checks all constraints simultaneously;
as a consequence, it scales well rates differently. This fact is demonstrated in Figure 6, where most
ofthe time production in run2 is limited by the gas constraint on HEADER_Z, while that is not the
case for run I. The fact that run3 outperforms run2 can be explained as follows. At later times,
without well switching, most of the producing capacity of HEADER_Y is wasted, while HEADER_Z
is constrained by gas rate. The algorithm in run3 identified this imbalance and a high GOR well was

switched from HEADER_Z to HEADER_Y.
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A Gas-lift Optimization Example

This example is from Buitrago et al2. The problem isto optimize oil production from a set of 56
wells with 225,000 MSCF/D of available gas (Gas-lift performance data are presented in Buitrago et
al2). Some of these wells can not flow without gas-lift Buitrago et al2 solved the problem by both
the Equal-Slope method and the Ex-In method, a stochastic algorithm that calculates the descent
direction heuristically. Inthis study, we solve this problem by the SP method. For wells that can not
flow without gas-lift, their gas-lift performance curves are not concave. Thus we introduce an
integer variable for each such well, and formulate the gas-lift optimization problem as a mixed
integer problem. The problem isthen solved by the branch and bound method20, which reduces

the mixed integer problem to a sequence of linear programming problems.

Table | compares the performance ofthe SP method with the Equal-slope method and the Ex-In
method. Results for the Equal-Slop method and the Ex-In method are taken from Buitrago et al2

The SP method outperformed both the Equal-Slope method and the Ex-In method for this

example.
Equal-Slope Ex-In Se aarable Program ming
: () @) )
Gas-lift Volume 22,508 20,454 22,500 14,175 17,040
(MSCF/DL
Oil Rate 21,265 21,790 22,632 21,265 21,790
(STB/D)

Table 1. Gas-lift allocation results obtained from different methods

(1) Allocate all available lift-gas of 22500 MSCF/D
(2) Minimize lift-gas use for oil rate of 2 1265 STB/D
(3) Minimize lift-gas for oil rate of 21790 STB/D

To demonstrate the efficiency of the SP method, we applied itto other problems created by
cloning the 56-well example discussed above. For example, in the second case, we have 560 wells
and 22,5000 MSCF/D injection gas available. All computations were performed on a Sun-Enterprise
5500 machine with 4GB of F3AM and 2GB of swap space. The second row of Table 2 shows the
computational time (wall clock time). The third row of Table 2 shows the number of LP problems
solved inthe process of solving the mixed integer programming problem. Clearly, the SP method is

very efficient for this problem.

Number of Wells 56 560 3360
Wall Clock Time 0.27 3.06 140.29
(second)
Number of LP 5 6 40

problem solved

Table 2: Computational time for the SP method on various problems
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Application to Prudhoe Bay Oil Field
Litvak et al8 has a good description of the Prudhoe Bay Field. The following short description is

extracted from this paper.

"Production wells are tied to 22 well pads inthe Western Operating Area (WOA) and 16
drill sites inthe Eastern Operating Area (EOA). Most production wells can be switched
between high and low-pressure headers at the well pad manifolds. Gas-lift is used in some
production wells with high water cut. Gas-lift wells can be tied only to low-pressure headers.

Well chokes are installed in well pad manifolds.

The production stream from individual well pads and drill sites is sent without any separation
to three gathering centers inthe WOA and to three flow stations in EOA. Well pads and
drill sites are tied to separator banks through high pressure and/or low-pressure flow lines.
Each gathering center and flow station has four three-stage separator banks. Separator banks
can operate in high pressure or low-pressure mode with first separation stage pressure of

about 670 psig and 150 psig, respectively.

Separator off-gas is routed from the gathering centers and flow stations to the central gas

facility where natural gas liquids and miscible injectant are extracted. The natural gas liquids
are then blended with the oil stream coming from the separators. The miscible injectant is
used in the enhanced oil recovery project. The lean gas, after compression inthe central

compression plant, is reinjected into the gas cap for pressure maintenance.”

The oil production inthe Prudhoe Bay field is constrained by the gas handling capacity. To
maximize oil production without expansion of existing gas handling capacity the developed
optimization tools have been applied. Well connections to high pressure or low pressure flow lines
as well as well production rates are selected to maximize total oil production from the field subject
to the gas and water constraints in gathering centers and velocity constraints in flow lines. Integrated
reservoir and surface pipeline network model has been applied. The optimization system is applied
on a daily basis. The performance ofthe partial enumeration method is verified by two approaches
by optimizing well connections and well rates in the WOA. Inthe first approach, we start with the
partial enumeration method from six randomly generated well connection configurations. Inthe
second approach, we use a genetic algorithm to solve the same problem. Their convergence
histories are shown in Figure 7. All the partial enumeration runs converge to approximately the
same oil well rate after 300 function evaluations. The genetic algorithm also converges to
approximately the same oil well rate after 600 generations. Each generation takes 10 function

evaluations. Hence, in this case the partial enumeration method outperforms the genetic algorithm.

To demonstrate the advantage of optimizing the well connections and well rates simultaneously, we
present two optimization runs for the whole Prudhoe Bay field. Inthe first run, we optimize well
rates only using the LP method. Inthe second run, we optimize well rates and well connections
simultaneously by the combined use of the partial enumeration method and the LP method. All
other aspects of these two runs are same. Results show that the second run improves oil
production by 2.55% compared to the first run, which is significant for this large field. On an IBM

RS6000 computer, atypical simultaneous optimization run takes about 850 seconds.
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Discussion

Conclusions

Acknowledge-
ments

Nuber of Function Evaluations Nunrber of Generation

Figure 7: Convergence history of the partial enumeration method (Left); Convergence history
of the genetic algorithm (Right). The oil well rate is normalized by a fixed oil rate.

The production optimization problem addressed is nonlinearly constrained with discrete decision
variables. It is difficult to design a solution procedure that is both robust and computationally
feasible. W e have proposed a unique approach for the efficient optimization of the entire system.
This is accomplished by optimizing continuous variables and discrete variables using different
optimization algorithms. For example, by the combined use ofthe partial enumeration method and
the LP method, we can optimize well connections and well rates simultaneously, even for large

production systems as in the Prudhoe Bay field.

Our approach is also flexible. According to the problem characteristics and time available for
optimization, different rates allocation procedure can be used during the well connection
optimization. A more rigorous buttime consuming rates allocation method may be employed after

the well connections are optimized.

There are some limitations of our approach. For gas-lift optimization problems, the LP and SP
method is efficient, but it can not handle the interactions among wells. The genetic algorithm is
robust but inefficient. Itis desirable to have an efficient algorithm that can also handle flow
interactions. In addition, we only optimize short-term oil production based on static reservoir
conditions. W e have not considered reservoir dynamics during the optimization step. We are

currently investigating the impact of decisions based on this approach on long term oil recovery.

1 A mixed integer programming model is formulated to optimize well rates, gas-lift allocations,
and well connections subject to multiple constraints. A partial enumeration method for well

connection optimization and several tools for gas-lift optimization are developed.

2. The optimization tools are incorporated in a commercial code. The approach presented can

be used for production control or reservoir development.
3. The optimization tools were successfully tested and applied to a mature oil field.
The financial support of members of the Stanford University Reservoir Simulation Industrial
Affiliates Program (SUPRI-B) and BP Exploration Inc. is gratefully acknowledged. W e thank Lynda

Hutchins (BP), Roger Skinner (BP), and Katerina Papalexandri (BP) for their support and important
recommendations. W e also thank Bruce Darlow (Landmark) and C.H. Wang (UNI-TECH
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Consulting Services, Inc.) for their help in the implementation of optimization algorithms in the VIP
reservoir simulator. The linear programming problems are solved by a simplex linear programming
solver2l developed by R J Hanson and K L Hiebert. Finally we thank the management of BP for

granting permission to publish this paper.

Nomenclature c jth constraint function in the optimization problem
m number of constraints
nw number of wells
op,i flow rate of phase p from well i
V/T/a" maximum flow rate of phasep from well i defined inthe linear programming method
Wp,i weighting coefficient for flow rate of phase p from well i
X continuous decision variable, namely, well rates and lift-gas rates
y discrete decision variable, namely, well connection indicator
Nwe domain of feasible well connections
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Presentation Organization W

DOR position on bill and

iIndividual components of bill

Comparison to ACES and CS HB
110 (FIN)

Suggested iImprovements to bill

Alaska Department of Revenue
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Components of 192

Progressive surcharge

Allowance for production

Increases
Gross minimum tax
Petroleum Information system

Decoupling some oil and gas

Alaska Department of Revenue



CGSSB 192 B

Changes to progressive surcharge

Changes the progressivity rate over $30 / barrel
production tax value from 0.4%to 0.35%0

Changes the trigger point that slows the rate of
arogressivity to 0.1249 from $92.50 to $101.43 /
Darrel production tax value

Changes the maximum production tax rate from

75%6to 60% (Would apply over $201.43 / barrel
production tax value)

Based on our Rl 2011 forecast, reduces revenue
by $125 million in FY 13, $230 million in FY 14, and
$200 million / year in FY 15.

Alaska Department of Revenue



Effective Production Tax Rates: /
ACES and CSSB 192 (progressivityonly)”. A

ANSWC Oil Pricein $ perbarrel

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl.

Alaska Department of Revenue



Progressive Surcharge

Changes do not do enough to provide a meaningful
change that would influence INvestment decisions.
The biggest benefit from this provision comes at very
high prices, from the change In maexinum tax rate.
Suggestions:
Keep the lower maximum tax rate; consider a 50% cap
ONn maximum rate.

Consider a bracketed ar)proa_ch, sothat higher rates
aPpIy only to additional profit and not to the first dollar
of profit.

Qr, consider further reductions in slope of progressivity
to provide a meaningful change.

Alaska Department of Revenue



O
Allowance for production

INncreases

Describe allowance
Revenue impact

Examples

Does not create an incentive that would
alter an investment decision

Does increase com plexity for DOR and
taxpayers

Suggestion: New field incentives, or provide
allowance by means of a credit

Alaska Department of Revenue



CS SB 192

Allowance for production increases

Allowance for each additional barrel sent
down TAPS, over prior year's level.

Effectively reduces PTV by $10 per
additional barrel, only for the base rate of
25% = $2.50 per additional barrel.

Not part of production tax calculation;
benefit is calculated and refunded by DOR.

Based on our Fall 2011 forecast, reduces

revenue by less than $25 million total for
all companies, for all years.

Alaska Department of Revenue
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Allowance for production

Increases:. Example

Major producer with 200,000 barrels per day

Invests $1 billion per year to achieve modest
decline rate in legacy fields

Invests an additional $5 billion to develop several

marginal fields and in-field projects in legacy
fields

Increases production 5% to 210,000 barrels per
day, and maintains that level for several years.

First year benefit is $9.1 million
Benefit in following years is ZERO

Alaska Department of Revenue



Allowance for production
INncreases

Allowance does not provide a meaningful change that would

influence investment decisions.

A very small benefit, for only one year, with no benefit for

maintaining production.

M echanism requires DOR to track and calculate the benefit.

Suggestions:

Consider replacing this incentive with reduced tax rates for new
fields or incentives for in-field development.

If this concept is furthered, use a credit as the mechanism as it
would be easier to administer.

If this concept is furthered, acknowledge that maintaining

production would be a significant accomplishment for some
producers.

Alaska Department of Revenue
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CSSB 192

Gross Minimum Tax

10% gross minimum tax for certain fields

Applies only to units with over 1 billion barrels
cumulative production and over 100,000 barrels per day

in most recent year
Effectively applies only to Prudhoe and Kuparuk

"Hard floor"™ - c¢credits cannot be used to reduce tax for

these fields below 10% of gross value.

Also changes community revenue sharing provisions

Based on our Fall 2011 forecast, increases revenue by
less than $25 million per year.
At $40 / barrel, increases revenue by over $400 million

per year.

Alaska Department of Revenue
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+
Gross Minimum Tax vs.

Status Quo

FY 2013 ACES revenue with and without 10%
gross floor for PBU / KPU

Small tax increase
at $70-$100

Huge tax increase
at lower prices

*ACES - status quo

*ACESwith 10% gross
floorfor PBU / KPU
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ANSWest Coast ($/bbl)

*O AN

Alaska Department of Revenue

12



Community Revenue Sharing (BOBI

This bill im pacts appropriations to the community

revenue sharing fund
Currently 20% of revenue from progressivity
W ould change to lesser of:

— 20% of progressivity revenue, ofr

Difference between 25% of PTV from fields subject to

10% minimum tax, and minimum tax for those fields.

M aintains existing Ilimit on revenue sharing: $60 million
or the amount that brings fund balance to $180 million.
Increases comwplexity of the calculation, but not likely to
materially impact the amount of revenue appropriated

Ifthis change ever would make a difference itwould be

to the detriment of municipalities.

Alaska Department of Revenue



Gross Minimum Tax

Provision will impact some companies at current prices.

Provision creates a substantial tax increase at lower prices
(<$60 / barrel).
Creates a disincentive to investment in Prudhoe and Kuparuk,

Alaska's most important fields.

- Including development drilling, expansions such as new pads and
facilities, and heavy oil development

M echanism requires DOR to track and calculate the benefit.

Suggestions:

- Remove this provision as it represents a tax increase.

- Ifthis concept is furthered, allow credits to be applied against
minimum tax so there is still some incentive to invest at lower
prices.

- If this concept is furthered, consider removing the change to
community revenue sharing language.

Alaska Department of Revenue



O
CS SB 192
Petroleum Information System

New information system to be
iImplemented by AOGCC.

Operational before January 1, 2014.
Suggestions:

Consider need in context of DOR efforts to

make more information available.

Defer to AOGCC on challenges with this

provision.

Alaska Department of Revenue
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O
CS SB 192
Decoupling Some Oll and Gas  ~

ldentical to SB305
Creates 2 separate progressivity calculations:

1. Oil, Cook Inlet gas, and gas used in state

2. Gas other than Cook Inlet and used in state

Allocates lease expenditures based on Gross Value

Revenue impacts:

— Less than $10 million / year prior to major gas sale

Could increase revenue by over $1 billion / year with

major gas sale

Alaska Department of Revenue
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Key Revenue provisions of ACES, CSSB 192, and HB 110

ACES

CSSB 192

CSHBIIO(FIN)

Not bracketed,

Progressivity (based rate applies to entire PTV

on PTV per barrel) $30to $92.50: 0.4% per $1
$92.50 to $342.50: 0.1% per$l

Maximum tax rate 5%

New production - :
. : Existing credits
incentives
Ranges from 4% of gross for
Minimum tax prices >$25 to zero for prices
<$15, credits allowed.

Modifies ACES structure.
$30to $101.43: 0.35% per$l
$101.43 to $201.43: 0.1% per $1

60%

$10/ barrel allowance for
increased production

Increases tax to 10% gross for
PBU/KPU, no credits allowed.

Alaska Department of Revenue

Bracketed, rate applies only to
incremental value

$30 to $42.50: 27.5% total tax rate
$42.50 to $55: 32.5% total tax rate, etc

50%

Lower tax rate for new fields,
in-field drilling credits,

extends sunset for small producer
and exploration credits

Existing provisions

17



Effective Production Tax Rates:

ACES, CS SB 192, CS HB 110 (FIN)

100%
90%
80%
70%
60%
S0%
40%
30%
20%
10%

0%
$60 $30 $100 $120 $140 $160 $180 $200 $220 $240 $260 $280 $300
ANS West Coast ($/bbl)

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl.

Alaska Department of Revenue



Effective Production Tax Rates;
ACES, CS SB 192, CS HB 110 (FIN)

Impact of 10% gross tax

90%

70% CSSB 192

60% CS HB110 (FIN)
Unitized Fields

50%

40%

30%

20%

10%

|
$65
AIVBWest Coast ($/bbl)

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl.
Assumes that 80% of production is impacted by h no credits allowed against gross tax.



100%

90%

80%

70%

60%

50%

40%

30%

20%

10%

$60

$80

O

Marginal Government Take:

ACES, CS SB 192, CS HB 110 (FIN)

$100

$120

$140

$160 $180 $200
ANS West Coast ($/bbl)

$220

*ACES
cssB 192

*CSHB110 (FIN)
Unitized Fields

$240 $260 $280 $300

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl.

Alaska Department of Revenue
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Share of Profit under ACES ;

100%

Q% -  20% 20%
80% -

0% -

60% - 4496 2% 4%

6% 61% 63% 65%0 67% 69% 71%
%0 -

40% -

30% -

20% - 4, 5%
10% - X% W 2%

0% - “T
$40 $65 $90 $115 $140 $165 $190 $215 $240 $265

ANS West Coast ($/bbl) m Producer m State m Federal

Profit defined as total gross value of all oil produced, less transportation costs and lease expenditures.

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl
Alaska Department of Revenue



$115 $140 $165 $190 $215 $240 $265

ANS W est Coast ($/bbl) m Producer m State m Federal

Profit defined as total gross value of all oil produced, less transportation costs and lease expenditures.
Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl

Assumes that 80% of production is impacted by 10% gross minimum tax with no credits allowed against gross tax.
Alaska Department of Revenue



O

Share of Profitunder CS HB 110 (FIN)

100%
9% -
80%0
70%
60% 3% 3% 41% 45% 48% 50% 52% 53% 4% 5%
0%
40%
30% H
20%
10%

0%
$40 $65 $90 $115 $140 $165 $190 $215 $240 $265

ANS W est Coast ($/bbl) mProducer m State = Federal

Profit defined as total gross value of all oil produced, less transportation costs and lease expenditures.

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl.
Alaska Department of Revenue



Suggested improvements

Bracketed progressivity
Lower cap on progressivity
Reduced tax for new fields

Increased credits for in-field
drilling



Bracketed progressivity

ACES and CSSB 192 apply progressive tax rate to
the entire production tax value

Tax on the first $1 of value can vary from 25% to
75% (ACES) or 60% (CSSB 192)

Bracketed approach applies progressive tax only
to the incremental value

Similar to how income tax brackets work...

Other jurisdictions with price progressive systems
use a bracketed approach

Companies have committed $5 billion under this
tax change

Alaska Department of Revenue
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Bracketed progressivity

Marginal Tax Rate (Production Tax Post-Credits)

ANS West Coast ($/bbl)

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl

Alaska Department of Revenue



O

Bracketed progressivity

Effective Production Tax Rate (Post-Credits)

ANSW est Coast ($/bbl)

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl.

Alaska Department of Revenue

21



Lower cap on progressivity A

Part of a bracketed or non-bracketed
approach

Provides the "upside potential”
companies need to make Investments
attractive at higher prices.

60% cap in CSSB 192 would only apply
at prices over ~$240 / barrel

50% cap In CSSB 192 would apply at
prices over ~$140 / barrel

Alaska Department of Revenue
28



O

Lower cap on progressivity

Effective Production Tax Rate (Post-Credits)

ANS W est Coast ($/bbl)

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl.

Alaska Department of Revenue

29



O O

Reduced tax for new fields

e Provide a lower tax rate to

iIncentivize new fields over the life of
the project.

e No fiscal impact for many years

e \\Nould apply primarily to production
that Is not even In our current
forecast - the state has "nothing to
lose™



Reduced tax for new fields

Effective Production Tax Rate (Post-Credits)

ANS W est Coast ($/bbl)

Example reduces all tax rates by 10% for "new fields"

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl.
Alaska Department of Revenue



O
Increased credits for in-field

drilling

Existing 40% credit for well-related
lease expenditures outside North Slope.

Recommend extending credit to include
North Slope.

Makes in-field development work more
attractive to companies.

Improves economics of developing new
North Slope fields, and increasing
production from existing fields.

Alaska Department of Revenue
32



O
Increased credits for in-field

drilling

Effective Production Tax Rate (Post-Credits)

AIMSW est Coast ($/bbl)

Example assumes that 50% of qualified capital expenditures qualify for higher 40% credit

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl.
Alaska Department of Revenue

33



O O

Summary: Effective Production Tax Rates:

ACES, CS SB 192, CS SB 192 wiith m

A i
recommended changes n* Kojd

ANS West Coast ($/bbl)

Assumes FY 2012 Transport costs of $8.72/ bbl, Opex of $14.03 per taxable barrel, and Capex of $10.25 per taxable bbl.

Alaska Department of Revenue
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Questions ?
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Background - Key Fiscal

Terms Concepts

PFC Energy



0 A
Fiscal Regime Design: Finding the Intersection of Efficiency and
Competitiveness

 Fiscal regime design is fundamentally about maximizing State
revenues, subject to two important constraints

- Efficiency: Not distorting investment choices, or preventing marginal
iInvestments that would otherwise have been made

- Competitiveness: There is a global market for upstream dollars

Alaska Discussion Slides | © PFC Energy 2012  Page 3 | March 15,2012 P F C Ene rgy



Fiscal Regime Design: Finding the Intersection of Efficiency and

Competitiveness

Efficient regime does n o t" s j

have a distorting effect
on project economics

If rates are too high,
other jurisdictions could
be more successful in
attracting capital as a

result

Regime does not distort
investment

Rates are internationally
competitive, given
fundamental
attractiveness of the

opportunity

Alaska Discussion Slides | © PFC Energy 2012 | Page 4 | March 15, 2012

Lower rates may mean
for certain projects or

asset types, the regime
is highly internationally

competitive

PFC Energy



Relative Government Take (Definition)

Government Take

Relative Government o
Divisible Income

Take =

Divisible Income equals Gross Revenues less costs, including capex and transportation
costs.
Government Take includes all payments the government mandates in its function as a

sovereign:

e Royalties

e Land rental fees, property taxes
e Production taxes

e Income taxes

Government Take does not include amounts the government earns via a direct equity
stake

Alaska Discussion Slides | © PFC Energy 2012 | Page 5 | March 15,2012 P F C En e rgy



Fixed Royalty Systems: Inefficient, But Potentially Highly
Competitive

Given varying project costs, and

varying prices, fixed percentage

royalty systems are inefficient

because they distort investment, Incidence of a 30% Fixed Royalty on 5

making previously economic pifferent Projects

projects uneconomic at a given

price Divisible
Government Take from a fixed Income
royalty system can be very high
when costs are high or prices are
low - 100% in the example of
project 5

In high price environments,

however, fixed royalty systems can

be very competitive
Government Take can be very low

when prices are high, or costs are

low - only ~33% in the example of

project 1 m Capital Cost /boe  m Operating Cost Iboe Nomel Retum on Capital m

Alaska Discussion Slides | © PFC Energy 2012 | Page 6 | March 15, 2012 P F C Ene rgy



n 0
Profit-Based Fiscal Systems: More Efficient, But May Be Less
Competitive

A Profit-Based fiscal system may

be

A contractual arrangement, such

as a Production Sharing Contract Incidence of a 50% Profit-Based Tax

) ) on 5 Different Projects

A tax which applies to revenues

less costs
Such systems can be capable of Divisible
raising greater revenue, while Income

reducing inefficiency

In low oil price environments, or
high costenvironments, Profit-
Based Systems are less likely to
make marginal projects non-

economic

By capturing more rent in high oil
price environments, or low cost
environments, however, they may
also not compete with royalty
regimes

Projects 1 and 2 would be

1 2 3 4 5

u Capital Cost | boe  m Operating Cost /boe  m Normel Retum on Capital - m Rent

significantly more attractive to

undertake under a royalty regime

Alaska Discussion Slides | © PFC Energy 2012 | Page 7 | March 15, 2012 P F C En e I’gy



Alaska’'s Oil & G as

Competitive C ontext

PFC Energy



Fixed-Royalty Jurisdictions in US Lower 48 Are A Key
Competitor to Alaska for Investment Dollars

2003-2005: 2008-2010:
$m Global Players’ Sources & Uses of Cash Flow Amn Global Players' Sources & Uses of Cash Flow

Cash -
$200,000 " $200,000

Cash Surplus Deficit Cash Deficit
$150,000 $150,000
$100,000 $100,000
$50,000 $50,000

i Upstream Cash Flow  Capex i Upstream Cash Flow  Capex

It is now an exception notto be targeting unconventionals in North America as a major

growth platform .

Alaska Discussion Slides | © PFC Energy 2012 | Page 9 | March 15,2012 P FC Energy



All eyes on the price

But what about cost...

m Overall spending in the industry is mostly driven by Oil Prices, no so much by costs.

Costs in 2015 expected to increase x2.5 times from 2000 standards .... Oil prices will
increase 450%

500
450
o)
(o)
e, 400
I
° 350
o)
x 300
B
250
9
0. 500
0]
X 150
z
C
. 100
o
0]
50
0

Cost and Oil Price Evolution in 2000-2015

Total Spending

-ABrent Index

2000

Onshore Exploration
Onshore Development
Offshore Exploration
Offshore Development

2005

2010
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Alaska’s Days of “Easy Oil” Are Gone: High Costs and High
Government Take Present Challenges

$hoe Costs (Capex, Opex)

Viscous Oil - Alaska

New Conventional Oil - Alaska
Unconventional - Eagleford - Texas
Unconventional - Bakken - North Dakota
Unconventional - Haynesville - Louisiana
Unconventional - Barnett - Texas
Conventional - Louisiana

Conventional - Texas
10.00 20.00 30.00 40.00 50.00

mCapex $/boe Opex$/boe

Costs are significantly higher in Alaska than the Lower 48 - even compared to unconventionals. Meanwhile,

Alaska’'s Government Take has risen significantly over recent years, meaning new project economics can be

very challenging

PFC Energy
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Evolution ofthe ACES fiscal

regim e

PFC Energy



Cost Assumptions Underlying Fiscal Analysis

Two key forms of analysis have been undertaken on project economics and
government take levels in this presentation

Existing Producer Analysis examines the economics of the fiscal regime for an

existing producer, producing 200 mb/d in 2012, with a 6% annual production decline
rate, and with the following costs:

m $12/ flowing bbl operating expenditure
m $5/ flowing bbl maintenance capital expenditure

New Development Analysis examines the development-forward lifecycle economics
of the fiscal regime for the development of a new 10 mb/d development for a
producer without existing base production. Assumed costs are:

m $17/ flowing bbl operating expenditure
m $17/bbl reserves development capital expenditure
m $1/ flowing bbl maintenance capital expenditure

Alaska Discussion Slides | © PFC Energy 2012 | Page 13 | March 15,2012 P FC Energy



0 O

PPT As Originally Proposed (Existing Producer)

X 2
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4.000 70 19% 13% 4% 5% 42% 20% 62%
80 18% 14% 3% 5% 41% 21% 62%
2000 90 17% 14% 3% 6% 40% 21% 61%
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0% Level & Composition of Relative Government Take
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100000 m Production Tax 30% m Production Tax
i = Royalty 20%
s000 | III ® Royalty
I IHT T | 10%
0%
c™M M M CN ) ) o 0 0 [9) o 0 o o [ o 0 o o) [ ) ) o o
"« LOCDNCOCDOX-CNCO'd-tfiCONCOaiOr-cMCO
) T-T-T-T-'"r-T-T-T-T-r-CMCNCsICM
ANSWest Coast Crude Price

ANS West Coast Crude Price

Alaska Discussion Slides | © PFC Energy 2012 | Page 14 | March 15, 2012 PFC Energy



PPT As Enacted (Existing Producer)

M Price NPV

1000 $40$  2.886
$60$ 8,383

8000 $100$  17.278

6,000

4,000

2000

(2000
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2006 2008 2010 2012 2014 2016 2018 2020 2022 2024 2026 2028 2030
MBOpex Capex mmmRevenue — ATCF
$mm Level & Composition of Government Take
350.000
300.000
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150,000 m PropertyTax
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10000 I ] ionTax
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ACES As Proposed (Existing Producer)

Q
. ~ X
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ACES As Enacted (Existing Producer)
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Limitations on Price Upside: A Probabilistic Approach

E xisting Base Production
NPV, $mm

PPT (Proposed) - EV $22862
-PPT (Enacted) - EV $17914
*ACES (Proposed)-EV $17430
*ACES (Enacted) - EV $14988

Probability %
15.00%

10.00%
5.00%

0.00% i  F-—t—1 i i et deedeede1 b1 0 0 b1 0 i 0 i
30 40 50 60 70 80 90 100 110 120 130 140 150 160 170 180 190 200 210 220 230
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Limitations on Price Upside: A Probabilistic Approach

New Development

NPV, $mm

PPT (Proposed)-EV $236
-PPT (Enacted) - EV $95
-ACES (Proposed) - EV $80
-ACES(Enacted)-EV $12

Probability %
15.00% i

10.00%

5.00% !

0.00% i" ,I I I I II Iﬂ ft

30 40 50 60 70 80 90 100 110 120 130 140 150 160 170 180 190 200 210 220 230
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ACES Impact on Oil-Price Upside, and on High Cost
Development Economics

NPV, $mm
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ACES: Global

Com petitiveness

PFC Energy



Regime Competitiveness: Average Government Take

Average GovernmentTake of Global Fiscal Regimes at$100/bbl

Syria
Uzbekistan
Pakistan
Bolivia
Oman
Trinidad
Azerbaijan
Turkmenistan (0S0D)
US- AK - ACES (New Development)
Angola
Algeria
Vietnam
Norway
Indonesia
Kazakhstan
Malaysia
US- AK - ACES (Existing Producer)
Venezuela
Russia
Congo, Rep. of the
Thailand
US - LA (Haynesville)
China
U S-IX (Eagleford)
India
Cote d'lvoire
Netherlands
Yemen
Egypt
US - ND (Bakken)
US - LA (conventional)
UK
Libya
Australia
UAE
Nigeria
Canada - Alberta Conv.
Philippines
US - TX (conventional)
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Regime Competitiveness: Average Government Take

Average GovernmentTake of Global Fiscal Regimes at$140/bbl

Uzbekistan

Syria

Azerbaijan

Turkmenistan

Oman

US- AK - ACES (New Development)

Pakistan
CED

Angola
Trinidad ACES

Algeria

Bolivia

US - AK - ACES (Existing Producer)
Norway

Vietnam

Kazakhstan
Venezuela

Indonesia

Malaysia

Thailand

Libya

Russia

Congo, Rep. of the
India

China

US - LA (Haynesville)
Cote d’lvoire
Netherlands

US-TX (Eagleford)
Yemen

Egypt

Argentina

UK

Nigeria

US - LA (conventional)
UAE

US - ND (Bakken)
Equatorial Guinea
Australia

Philippines

US - TX (conventional)
Canada - Alberta Conv.
US - TX (Barnett)
Colombia

Canada - Alberta OS
Brazil

Gabon

Denmark

Canada - Nova Scotia
US - GOM

New Zealand

Peru

Ireland

(0) 10% 2% A% 4% 50:7) %0 8% 90% 100%
Alaska Discussion Slides | © PFC Energy 2012 | Page 23 | March 15, 2012 PFC Energy



Regime Competitiveness: Marginal Government Take

M arginal Government Take of Global Fiscal Regimes at $100/bbl
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Regime Competitiveness: Marginal Government Take

Marginal GovernmentTake of Global Fiscal Regimes at $140/bbl
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Benchmarking Progressivity for a Range of Global Regimes

Progressivity (Marginal less Average Take) of Global Fiscal Regimes at$100/bbl
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Benchmarking Progressivity for a Range of Global Regimes

Progressivity (Marginal less Average Take)of Global Fiscal Regimes at$140/bbl
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ACES - Effective as a Harvest Area Fiscal

ACES appears to work well as a “harvest”

regime

NPV, $mm
E xisting m ature fields rem ain profitable,

including capital work required to achieve ~6%

decline (renewal capex)

Maximum ‘rent extracted from a declining

production base is captured for the state

ACES inhibits the development of new projects
and resources that might help stem or even
reverse the decline

ACES is not progressive with regard to costs,
so high governmenttake applies even to very

high cost projects

E xisting system ofcapital credits etc appears to
do more to encourage ‘renewal capex’than it

does new production spending

Progressivity can have a major detrimental
impacton breakeven prices for high-cost

projects at current oil prices
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Options to

Approach

Uniform lowering of
Government Take

Differentiation
between old and new
production

Enhancements to
cost progressivity of
ACES

Spur New Developments

Implementation Options

<Bracketing

*Reduced Base Rate
eIncreased Progressivity
Thresholds

*Reduced Progressivity Rates
*Progressivity Caps

eAllowance for New Oil
eSwitching in part away from Net
Profits taxation to Gross
Revenue Taxation, to enable
different tax rates for different
production streams without
separate cost accounting and tax
returns

eUse of some combination of
definitions for incremental
production, ie base decline rate,
regulator-agreed new programs,
new areas

<Changes to allowable cost
deduction or credits mechanism
etc to provide greater ‘uplift’ for
high capital and operating costs,
while restricting negative
Production Tax in marginal cases
Enhancements to royalty relief

Advantages

<Does not require increased
complexity

*May present opportunities for
simplification

<Allows significant reductions
in Govt Take on new and
costlier developments
(including heavy oil etc)
without requiring significant
reductions on the mature
producing assets

*Does not require structural
change away from ACES
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Disadvantages

eIncentivizing new high cost
resources through this method
alone requires giving substantial
‘rent’ back to producers on the
mature producing assets

Administrative difficulties around
definitions of ‘new production’

eIncreases already high
complexity and opacity

May exacerbate problem of poor
cost control incentives

eIncreases likelihood of
unintended consequences
eLikely less significant impact
than new production
differentiation
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ACES VCSSB192

ACES

Is Production Tax Bracketed? No

Are oil and gas assessed separately? No

Rates for non-bracketed system: 75% maximum
<= 30 $ 30.00 PTV/BOE 25% base

> 30 but <= 92.5 $ 9250 P7V/BOE 0.40% progressivity
> 925 PTV/BOE 0.10% progressivity
CSSB 192

Is Production Tax Bracketed? No

Are oil and gas assessed separately? Yes

Rates for non-bracketed system: 60% maximum
<= 30 $ 30.00 PTV/BOE 25% base

> 30 but <= 101.43 $ 101.43 PTV/BOE 0.35% progressivity
> 101.43 PTV/BOE 0.10% progressivity
Allowance for New Oil $10

Threshold for Increase: Previous Year's Production
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ACES (Existing Producer)
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CSSB 192 (Existing Producer)
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ACES (New Development)
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CSSB 192 (New Development)
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Progressivity Impact on New Development Project Economics
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Regimes (Actual & Proposed) ACES &CSSB192V

NPV, $mm Bracketed Amendments
NPV, $rm
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New Qil Allowance:

Incremental Production on a Declining Base

Central to understanding the impact of the “allowance for ‘new o0il’ is an
understanding of the impact of new source production on a company’s total
production volumes, when that new source production is added to a declining base

portfolio

- The charts below assume a 6% decline rate for an existing North Slope producer currently

producing 200 mb/d, and examine hypothetical new source projects that peak at 10mb/d, 50
mb/d and 100 mb/d respectively(on a working interest basis)

- Given the pace at which such projects typically reach peak production, only thel00 mb/d

peak production new source development is actually capable of adding production that is
incremental to prior years’volumes

CNCNCSJCMCMCNCXJCNCNJCN
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A Hypothetical 100 mb/d (Working Interest) development

A new source development that produced 100 mb/d at peak for a working interest partner would
be a very significant new development. By way of comparison, Kuparak, the second largest field
in North America, peaked at -320 mb/d gross production

- This represented working interest production to ConocoPhillips (the operator and majority shareholder) of
170 mbo/d

- Kuparak took 11 years (from 1981 to 1992) to reach this peak level of production

Since itwould take a development on the scale of 100 mb/d (working interest) to achieve “new oil”

for an existing producer under the terms of the amendment, a development of this size has been
modeled in the following analysis

- A 7 year ramp-up to peak production has been assumed

- Such a development would likely eclipse today’s production from Kuparak (122 mb/d gross, 66mb/d working
interest to the majority shareholder)

It is important to note that this is a significantly more aggressive new-source production profile than is

currently foreseen in recent statements by the major operators on their current development pipelines, even
in the most optimistic circumstances

Kuparak Production Profile -

mb/d hypothetical 100 mb/d WI Development
ConocoPhillips WI

Production Profile
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Assumptions

« The following analysis assumes

A 6% base portfolio decline, in the case of a producer currently

producing 200 mb/d

- Costs for the base production portfolio of:
m $12/ flowing bbl operating expenditure
m $5/ flowing bbl maintenance capital expenditure
- Costs for the 100 mb/d (working interest) New Development project of:
- $13/ flowing bbl operating expenditure
- $13/bbl reserves development capital expenditure
m $1/ flowing bbl maintenance capital expenditure
- These costs are deliberately somew hat lower than the previously
referenced 10 mb/d new development, since the hypothetical
development modeled is significantly larger, and thus likely to have

somewhat lower costs on a $/bbl basis
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CSSB 192 Excluding New Oil Allowance (Existing
Producer)
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CSSB 192 Including $10 New Oil
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Oil / Gas Decoupling

« Under ACES, production tax value is assessed on a combined BTU-
equivalent basis for both oil and gas production
So long as no major gas export project is under development, this has
no impact

In the event of the development of a major gas export project, however,
when gas prices are significantly lower than oil prices, this could lead to

significant reductions in Government Take
e« CSSB 192 includes a provision to de-couple the calculation of
production tax value on North Slope gas sold out-of-state, in order to
eliminate this impact of gas production

The impact of the decreased government take without decoupling is

only pronounced with very low gas prices, and very large gas production

In order to illustrate the impact at the extreme, the following analysis
thus assumes a $1/mcf net-back sale price for North Slope gas, and a
2018 1bcf/d gas project. Under less extreme scenarios, the difference

with and without decoupling would be significantly less
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CSSB 192 - Existing Producer with 2018 G as
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CSSB

Including Decoupling
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Regime Competitiveness: Relative Govermment Take
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Regime Conmpetitiveness: Relative Government Take

Average Government Take of Global Fiscal Regimes at $140/bbl
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Regime Conmpetitiveness: Relative Government Take

Marginal Government Take of Global Fiscal Regimes at $100/bbl
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Regime Conpetitiveness: Relative Government Take

Marginal Government Take of Global Fiscal Regimes at $140/bbl
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O

Conclusions - Changes to Progressivity, Overall Government

Take, and Oil/Gas Decoupling

CSSB 192 uses two key mechanisms to reduce government take relative to ACES

- A reduction in the rate of progressivity that applies above $30/bbl Production Tax Value
(PTV) from a 0.4% increase foreach one dollar increase in PTV, to a 0.35% increase

- A reduction in the maximum rate of production tax, from 75% at $342 PTV, to 60% at $202
PTV
The impact of the reduction in the progressivity coefficient on overall levels of

government take and on project economics is limited to around a single percentage

point of government take at $100 ANS crude

The impact of the 60% maximum rate for production tax is more significant, but only
at very high oil prices.

- On a current-year basis, government take under CSSB 192 would be significantly lower than
under ACES only at ANS crude oil prices above $230

- On a project-lifecycle basis, that threshold may be lower, as a result ofthe impact of bracket-
creep (since progressivity thresholds are specified in nominal terms) - but the impact on
project economics at likely price levels remains negligible

Y
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Conclusions - New Oil Allowance

Even under highly aggressive assumptions regarding the potential for a new-source
development for a given company, the impact of the $10 allowance for “new oil” is
almost undetectable

Inthe context of both a development by an existing producer, and a development by a new
producer, Relative Government Take changes only by fractions of a percentage point, at
most

- For an existing producer, portfolio NPV rises by only a tenth of a percentage point

For a new producer, the impact on project value is greater, but remains insignificant in the
context of a $10 billion capital development

The major reason for this is because rather than providing an ongoing allowance for
new-source production, the amendment provides an allowance only for production
that, in a given year, is incremental to the previous year’s production

- For an existing producer with declining base production, only a very large development is

capable of producing “new oil”under this development at all
- Even fora new producer, the value of the allowance remains highly limited
An allowance which was instead provided for new -source production could potentially
have a greater impact, however adequately defining such new-source production
could be difficult in practice, particularly in an environment where most new

production will come from existing areas
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BP: Company Overview

Strategic Signature Company Overview
e BP is a global integrated company, with production in 16 countries and « HQ: London + Nov 2011 Market Cap: $137 bn
upstream operations in an a(.jditional 10 countries. o « Employees: 79,700 « Nov 2011 P/E Ratio: 6.03
* In 2010, total global production averaged ~3,773 mboe/d, making it the second « 2010 Reserves: 17,826 mmboe « 2010 Corp Revenue: $297 bn
largest company in the peer group (superseded by ExxonMobil (~4,450 2010 Production: 3.773 mboe/d
mboe/d). The Russia & Central Asia (RCA) and North America regions o * 2011 Upstream Capex(Est.):
e 3 Yr Production Growth: 0.27% CAGR $17 bn

accounted for ~55% of 2010 production.
« BP recorded a 4.5% drop in production in 2010 over 2009, reflecting the impact
of asset sales, the post-Macondo slowdown in US GOM deepwater activity,
and continued decline from the company’'s deepwater and mature shallow Technological Competence
water assets.

(2007-2010)

EOR & Unconven-

» Much of the post-Macondo portfolio rationalization program (targeting $30 bn in Recovery Offshore Heavy Oil tional 0il Sands LNG
asset sales including mid/downstream assets) has been completed. The result
is a pared down and more focused geographic portfolio.
« BP expects growth of 1%-2% per annum through 2015. BP’s growth strategy is S Y
three-pronged based on Deepwater Basins, Global Gas, and Giant Oilfield
Development. BP’s deepwater position is based on operations in the US GOM, Partnership History
Angola, Egypt and Brazil. The Global Gas position is principally comprised of
US, Trinidad & Tobago, and North Sea. Giant oil fields are dispersed Date Partner Rci?fjonrt]rf/())r Type

throughout the global portfolio. Based on PFC Energy projects, growth is
unlikely before 2015.

+ The growth strategy above includes ~$20 bn net investment commitment to 16 2007 Husky Canada Sunrise Oil Sands
projects sanctioned over 2010-2011. This is expected to curb ROCE
performance for the coming 2-3 years.

« With the burden of the Macondo oil spill and reparations continuing through the 2008 Chesapeake us Unconventional
mid-term, BP will be hard pressed to outperform its peers on any key metrics,
leaving the company open to calls for more radical restructuring.
2009 CNPC Iraq Rumaila TSA
2011 Reliance India Offshore Gas
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BP:
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BP Global Produc

Canada: modest conventional
production, with future potential tied to
ol sands

US: 2nh largest producing country,
with core deepwater area. Activity
slowed post-Macondo, yet expect
strong future gronth. Onshore L48
is key gas area (-22% of 2010
global output), with focus on
unconventionals. Alaska potential
tied to commercialization of
Prudhoe Bay resources.

Trinidad & Tobago: Core
gas producing area tied to
Atlantic LNG. .

Argentina; onshore & shallow water
assets (held by PAE) were to be sold
to Bridas, but transaction failed in
40Q:11.
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tion Portfolio - 2010

Russia: BP's largest producing country (963 mboe/d), representing ~26% of 2010
output.  Substantial long term growth potential. Continued interest in Russia (and
Arctic) expansion, despite limitations arising from the TNK-BP joint venture,

UK. Declining position from
mature offshore assets.  High-
value operating area, generating
large cash flows.

Angola:  Sole presence in SSA is Angola Irac:  Development  of
deepwater. High growth from 2002-2009, now Rumailia oil field
challenged with start-up of several unsanctioned

projects
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| Unconventional
Azerbaijan: Participation in 2

large-scale  projects:  Azeri-
Chirag-Guneshli & Shah Deniz.

UAE: Core position through
equity affiliates, though
concession are being re-
negotiated

India: 2011 Partnership with
Reliance for exploration in
shallow and deepwater.

Australia and Indonesia are key
gas producing areas tied to
investments in LNG.
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Total

Portfolio Evolution

BP vis-a-vis the Competition

Production (mboe/d) in 2000, 2010 and 2015 (PFC Forecast): BP and Peers
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In 2010, BP was the second largest producer of the peer
group. Yet, from 2010 to 2015, BP and COP are the only
two companies to experience a reduction.

2000-2010: Production increases from ~3,080
mboe/d to -3,780 mboe/d due to addition of Russia
(-960 mboe/d), Trinidad & Tobago (-250 mboe/d)
and Angola (-170 mboe/d). This expansion offsets
declines from Europe (-660 mboe/d and North
America -350 mboe/d).

2011-2015: BP’s production is expected to decline
from 2000-2015, due mostly to the post-Macondo
asset divestiture program, combined with curbed
activity in the GOM deepwater.
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Reserves and Production

BP vis-a-vis the Competition
Reserves and Production (mmboe) 2000-2010: BP and Peers
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Reserves (mmboe) Dec 31 _ BP experienced significant
YearNo 2000 reserve growth (from -15,000 mmboe to
2000 -18,000 mmboe) equivalent to -6.5% CAGR.
2002 110° The increase is the result of added reserves in
Africa (Angola), Equity Affiliates (Russia) and
2004 Asia-Pacific. Production grew at a slower pace
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Production (mmboe)

Reserves and Production:

BP Intra-Portfolio Performance

BP: Regional Reserves and Production Over Time

500 Roughly 60% of production and
reserves are concentrated in the US
and Equity Affiliates (mostly comprised
of TNK-BP since 2003).

400
European production (and
reserves) declined rapidly
from 2000-2006 (Area is
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Rest of Europe)
Europe
200
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How the Portfolio is Financed

Sources and Uses of Cash

Year Region
2000 f~j Africa
2002 H AsiaPacific
2004 Australasia
2006 Bitumen
10,000 2008 Equity Affiliates
2010 Europe
Rest of Americas

8,000 | Restof Asia

| Rest of Europe
Rest of North America
6,000 Over the decade, Africa (mostly Angola Russia
deepwater) has rapidly progressed from an us
area of investment to an area generating
cash surplus.  Africa was BP’s
4,000 largest cash generator in 2010

South America
The US is the leading m UK
generator of cash flow this x US

decade, allowing for re-

investment in other areas

uity Affiliates

Europe
Australasia
— — r— f i 1 1 1 1 1
-1,000 O 1,000 2,000 3,000 4,000 5,000 6,000 7,000 8,000 9,000 10,000
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Global Production

Evolution of the Portfolio
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Asia Pacific: Relatively small producing area (-6% of 2010 output). Production largely
from offshore Australia and Indonesia with lesser volumes from China. Partnership with
Reliance (India) creates exploration opportunities. Focus on deepwater and CBM.
Divested assets in Pakistan and farmed down in Vietnam.

Europe: Mature and generally declining production position in the UK and
Norway, mostly in shallow waters. Exploration and development projects
are ongoing, often leveraging BP’s existing infrastructure and assets in the
region.

Latin America: Growth driven by shallow water gas developments in Trinidad & Tobago.
Focus on onshore gas commercialization in Bolivia. Failed to sell Argentine assets (held
through PAE) to Bridas in 2011. Brazil deepwater offers mid- to long-term potential from
newly acquired deepwater acreage.

Middle East & North Africa: Position built from collaboration with NOCs (Adma-Opco,
GUPCO, Sonatrach, LNOC, etc.). Substantial new source growth expected from Irag,
Egypt deepwater, offshore Oman. Exploration opportunities in Jordan.

North America: Second largest production region & largest cash flow
generator. Deepwater GOM holds significant growth potential after years
of investment. US L48 portfolio is material, yet declining, source of gas,
with a growing emphasis on shale gas. Additional future growth from
Canadian oil sands.

Russia & Central Asia: Principally comprised of TNK-BP venture created
in 2003, now BP’s largest source of production, characterized as long-life,
slow decline output. In Azerbaijan, production is from large-scale ACG and
Shah-Deniz. The Region is the largest source of new source volumes
through 2015.

Sub-Saharan Africa: Operates only in the Angola deepwater play, which quickly emerged
as a key oil-producing country. BP has collaborated with operators TOTAL (Block 17) and
Chevron (Block 15). In the future, development of BP-operated blocks 31 and 18 is
expected to reverse the recent decline in production.

Asset Type
f§ Conventional Onshore

Conventional Shallow
| Deepwater
|  Oil Sands

Other

H Unconventional
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Global Production:

Country Growth Project Analysis

BP: New Source Production - Number of Projects by 2015 Production and Qil/Gas Split

BP’s participation in

M Russia
Azerbaijan’s ACG
Phases 1-4 is among
) the largest net new
Azerbaiian source projects in the
BP portfolio
Angola deepwater provides large share
of new source oil.
Angola

The Asia-Pacific Region (Indonesia,
Australia) and the MENA Region (Egypt,

Egypt
Algeria, Oman) are the key providers of
new source gas in the medium term.
India
Norway
Australia
Q Indonesia
Iraq United Kingdom
United Arab Emirates
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Number of projects

Russia is a leading source of mid-term
new source volumes. Production (from
TNK-BP) include expansions to existing
areas such as Orenburg, and greenfield
developments such as the Uvat and
Verkhnechonskoye fields.

United States

By 2015, the US represents the largest
area for BP, by number of project. The
US holds 11 new source project, of
which 9 are GOM deepwater and 2 are
onshore Alaska.

BP’s new source Canadian oil sands
projects are expected onstream post-
2015
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BP’'s new source portfolio is driven by (1) Deepwater
projects (Angola and US GOM); and (2) Russia (mostly

onshore oil).
The Asia-Pacific remains a mostly gas-production area.

Unconventional (Asia-Pacific and North America) and oil
sands (Canada) projects are largely immaterial until 2020

or so.
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BP in Alaska
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BP Alaska Activity & PFC Energy Assessment

Alaska

Designation Activity

Harvest Area  * Most of BP’s assets are located on the North Slope, where production
volumes have generally declined because of the maturity of the asset
base and/or gas infrastructure constraints. Liquid production has
declined from -224 mboe/d in 2006 to -166 mboe/d in 2010, while gas
production has fallen from ~67 mmcf/d to -46 mmcf/d over the same
period.

= BP’s largest source of production is the Greater Prudhoe Area (26%
w.i., operated), covering -150,000 acres with more than 1,000 active
wells. Gas resources are currently stranded because of the lack of
pipeline capacity to southern markets. BP and ConocoPhillips had
teamed up to propose a new natural gas pipeline (Denali) to run from
Prudhoe Bay through western Canada to US markets. However, in
May 2011, the partners announced that plans for the pipeline had been
terminated, citing the lack of long-term purchase contracts. The
proposed pipeline would have accommodated 4 bcf/d of natural gas.

e BP and partners are moving forward with the development of gas
liquids on the -8 tcf Point Thomson field (32% w.i., non-operator).
The gas cycling project is expected to produce -10 mb/d of liquids; first
production is targeted for 2014. Full field development awaits gas
transport infrastructure.

 In the Beaufort Sea, BP has suspended work on the extended-reach
drilling program on the Liberty oil field (100% w.i ), pending revision of
project design and schedule.

e BP is also seeking to develop viscous (Kuparuk) and heavy (Milne) oil
resources on the North Slope.
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PFC Energy Assessment

Current production volumes are
modest and declining, yet significant
potential lies in the long-term
commercialization of Prudhoe Bay
and Point Thomson gas resources.
Cancellation of the Denali gas
pipeline proposal leaves BP as a
potential supplier to an alternative
pipeline-export option, should one
be approved and developed.
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Re-establish its operator profile in the global deepwater: While its competitors extend their commitments to global LNG,
unconventional shale gas exploitation, and oil sands development in order to drive future portfolio growth, BP has deepened its
commitment to the global deepwater play, despite the ongoing fallout from the Macondo oil spill. Expansion of its US GOM lease
holdings (through the Devon portfolio acquisition), entry into the Brazil deepwater, and a material commitment to the K-G Basin
deepwater play in India, together with phased field development offshore Angola and West Nile Delta in Egypt, positions BP as
arguably the premier deepwater player in the Global Player peer group. BP will be under the spotlight regarding its future conduct
and performance throughout the global deepwater basins.

Resolve shareholder relationship issues within the TNK-BP JV; Accounting for-26% of total worldwide production in 2010 (and
-36% of total worldwide oil production), the TNK-BP position is absolutely core to the BP portfolio from a volumetric perspective.
However, the unsuccessful attempt to partner with Rosneft in the Russia Arctic raises concern over how much value TNK-BP can
continue to create for BP. With TNK-BP now focused on international expansion, must BP settle for lower returns from what has
until now been a highly lucrative position?
Complete the portfolio rationalization process: The strength of the global asset transactions market prompted BP to expand its
divestiture program from an initial $20 bn to $30 bn, divesting large swaths of its portfolio deemed non-Core and/or non-aligned with
the company’s growth focus. While the company did not plan on the depth of portfolio rationalization undertaken to date, this is a
rare opportunity to high-grade asset holdings with the blessing of shareholders and analysts alike. BP is expecting to complete the
divestiture process by end-2011.
Determine a path forward in the Brazil deepwater: Having secured Brazil government approval to acquire the Devon asset portfolio,
BP has established a foothold in the Brazil deepwater, with potentially the largest operated pre-salt portfolio outside Petrobras. The
next step is to determine the appropriate approach to growth in the pre-salt play. With legislation now in place granting NOC
Petrobras a minimum 30% w.i. and operatorship in all unlicensed pre-salt acreage, this may be another case of executing a
strategic alliance (similar to that secured with Reliance in India and proposed with Rosneft in the Russia Arctic).
Accelerate development of US Onshore unconventional gas resource: BP received a very competitive price for the Permian Basin
and Western Canada conventional gas assets sold to Apache (totaling ~75 mboe/d of production and -340 mmboe of reserves,
equivalent to ~$24.60/boe of reserves in the ground or ~$109,000/flowing boe of production). This is particularly so given what is
shaping up to be an extended period of gas price weakness in the North America market. To make up for lost volumes, BP may
look to accelerate production from its -10 tcf of reserves in the Woodford, Fayetteville, Haynesville, and Eagle Ford shale gas plays.
» Accelerate development of BP’s oil sands leases: BP has built up a material oil sands lease portfolio in Western Canada, including
50% w.i. in the Sunrise in situ development project (sanctioned in November 2010), a 75% w.i. in the Terre de Grace in situ project
(secured in March 2010 from Value Creation for -$900 mn), and 50% w.i. in the Kirby in situ oil sands leases (with the other 50%
divested to Devon in March 2010). Full development of these projects could represent 500-600 mbo/d of stable, long-life oil
production, complementing the “Giant Oil Fields” growth platform and providing a portfolio buffer against the steep decline
production profiles associated with deepwater developments.
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ConocoPhillips: Company Overview

Strategic Signature Company Overview
Folloning two years of corporate net income losses, steep decline in its e HQ: Houston, TX = Nov 2011 Market Cap: $96.1 bn
share price, and a persistently high debt-to-capital ratio, in March 2010 = Employees: 29,600 « Nov 2011 P/E Ratio: 9.27
ConocoPhillips announced .a. new strateglc pattwmay, directing prooee(.js « 2010 Reserves: 8,310 mmboe « 2010 Corp Revenue: $189 n
from a ~$15 bn asset and joint venture divestment program to reduce its « 2010 Production: 2,078 rrboe/d - 2011 Upstream Capex(Est):

debt-to-capital position, increase near-term shareholder retums, shift
further out of the downstream, and position the company for future gronth
from a smaller but higher-value portfolio position.

Since the announcement of the 2010-2012 Restructuring Plan,

« 3Yr Production Growth: -37%%0 $12 bn
CAGR (2007-2010)

ConocoPhillips has executed on ~$7 bn in asset sales, divested its entire Technological Competence
20%%6 equiity interest in LUKOIL, and directed proceeds from these sales to EOR&
debt reduction and share repurchase. In July 2011, ConocoPhillips Recovery Offshore Heawy Qll Uitlooi Olq;?n' Oil Sands Other

announced the next step in its restructuring: the creation of two separate
corporate entities, Downstream and a pure play, E&P.

WIith production in 15 countries and upstream operations in an additional 7
countries, ConocoPhillips' most recent guidance suggests production

reaching a lowof-1.5 mmboe/d in 2012, recovering to 1.64-1.69 mrboe/d Partnership History
by 2015. The company will rely on a large, diversified upstream portfalio Redi
egion (or
positioned heavily in OECD countries (namely the US, Canada, Australia, Date Partner Country) Type
UK, and Norway, which accounted for -72%6 of worldwide production in
2010).
0 0) 2003 LUKOIL Russia Various

Growth of 0.5%6 per annum from 2012 through 2015 is forecast to come
from Global Gas/LNG, SAGD Ol Sands, and Unconventional
developments. However, as ConocoPhillips now stands to compete with 2006 Cenovus Canada Oil Sands
the Independent, nor+integrated ail & gas companies, the company's future
strategy remains uncertain.
2008 Origin Energy Australia LNG
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ConocoPhillips: Global Areas of Upstream Operations

Gas

Countr
Y E E ) (mboe/d)
USA L48 142 279
USA Alaska 230 14
USA GOM 18 3
Russia 336 42
Canada 109 164
United ,
Kingdom “ 101
Norway 137 35
Indonesia 17 232 Country
Australia/* a . Core
Timor Sea
China 68 0 New Venture
e * ' Focus
Greenland
Nigeria 20 24
i Kazakhstan Harvest
Vietnam 24 2
Malaysia ]
Algeria 13 0 Exit
Poland
Qatar 3 9
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ConocoPhillips

Global

Russia: LUKOIL sale leaves ConocoPhillips with modest production from its two joint
Regional

Production

Portfolio

ventures in Russia (Polar Lights Company and Naryanmarneftegaz).

production is forecast to drop from 21% of worldwide production in 2009 to a projected

3% in 2011.

Canada: Among the largest natural gas producers in Canada. Three
SAGD oil sands developments—Christina Lake, Foster Creek, and
Surmont—have added long-life production volumes to ConocoPhillips'

portfolio.

Alaska Discussion Slides

US:  Largest producing country,
with core L48 production where
liquid-rich areas (Eagle Ford) will
be prioritized over gas assets.
Declining mature assets in Alaska
could be offset by prospective
deepwater volumes in long-term.

UK

and Norway: Region

characterized by mature, declining
assets; satellite projects planned to
offset regional base declines.

Nigeria: Interests in
six onshore assets,
serving as feedstock
to Nigeria LNG
Trains 4-6.

Qatar:  Qatargas
(onstream in 2010)

China: Modest offshore
production from Bohai

Bay.

3
is

key driver to regional

gas growth.

Australia:  APLNG Phase 1
sanctioned in 2011; longer-term
upside in Australia could stem
from assets in the Browse Basin

or Timor Sea (e.qg.

Sunrise).

Algeria: Onshore oil field production; additional Libya: Legacy onshore Waha concession;

volumes from B Merk (EMK) expected for 2012

start-up.

| © PFC Energy 2012

projects.

| Page 68 | March 15, 2012

above graurd aorflict wil dlay new source dl

Greater

2010

mboe/d
0

500
1,000
) 1,345

Asset Type

J§ Conventional Onshore
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H1 Other

| Unconventional

Vietnam: Continued
development of mature Cuu
Long Basin; potential

divestment target.

Malaysia: Development  of
deepwater fields (Gumusut-
Kakap and Kebabangan) will
bring Malaysia into
ConocoPhillips’ producing
country portfolio.

Indonesia: Largest contributor to
Asia-Pacific production; ongoing
development of Corridor PSC and
South Natuna Block B.
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Total Portfolio Evolution:

ConocoPhillips
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vis-a-vis
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Production (mboe/d) in 2000, 2010 and 2015 (PFC Forecast):
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Competition

ConocoPhillips’ 2010-2012 Restructuring Plan will see
the company become the largest of the Independent,
non-integrated international oill & gas companies,
compared to its former position as the third-smallest of
PFC Energy's expanded Global Player peer group.

2000-2010: Production increases largely driven by
the merger of Conoco and Phillips in the beginning
of the decade (growing volumes from 698 mboe/d
in 2000 to 1,082 mboe/d in 2002) and the
Burlington Resources purchase in 2006 (growing
volumes from 1,824 mboe/d in 2005 to 2,358
mboe/d in 2006). The gradual acquisition of a 20%6
stake in LUKOIL was a key driver to mid-decade
growth.

2011-2015: ConocoPhillips’s production is expected
to decline from 2010-2015, due to the company’s
intensive asset divestiture program (the initial ~$15
bn asset and joint venture divestment program was
expanded in 2011 when ConocoPhillips announced
it would shed an additional $5 bn-$10 bn in non-
Core assets by end-2012). Volumes are forecast to
decline from -2,078 nboe/d in 2010 to —~1,674
mboe/d in 2015.
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Reserves and Production:

the Competition

ConocoPhillips vis-a-vis

Reserves and Production (mmboe) 2000-2010: ConocoPhillips and Peers
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RP1Q.
2000-2006: Production and reserves grow steadily,
largely a result of acquisition: from 271 mboe/d and
5,019 mmboe in 2000 to 682 mboe/d and 11,469
mmboe in 2006. R/P ratio declines from -18 to -13
years.
RP18”%,,.
N_m2501 2006-2010: Both production and reserves experience a reversal in
"2000 growth; however reserves fall more steeply. By 2010, production was 776
mboe/d and reserves decreased to 8,310 mmboe, resulting in the lowest
R/P ratio recorded in the decade at -11 years. In 2010, declines in
production were primarily due to field decline, the impact of higher prices
on production sharing arrangements, and the sale of Syncrude.
5K 6K 7K 8K 9K 10K 11K 12H

Reserves (mmboe) Dec 31
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(mmboe)

Production

Reserves and Production:

ConocoPhillips Intra-Portfolio Performance

ConocoPhillips: Regional Reserves and Production Over Time

Year Region
350 /2/ 350 2000 m Africa
2002 Asia Pacific/Middle East
2004 B Asia-Pacific
300 300 2006 Bitumen (Candada Consolidated)
2008 B Canada
Europe’s dwindling R/P 2010 EA-Russia
250 ratio is largely due to 250 B Europe
the maturity of the Others
asset base. The US has B US

200 Europe had a fairly 200

consistent R/P
. < L ratio over the
150 FEA-Russia iiiir ithb/ last  decade, 150
averaging -14
years,  which
was also the 100

. . R/P ratio in
regions (consolidated 2010

Canada and Equity affiliate)

50 Asia-Pacific contribute extremely 50
high R/P ratios (-80

years).

Asia Pacific/Middle East / ConoocoPhillips'  two
100 Bitumen reporting
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Capex

How the Portfolio is Financed

Sources and Uses of Cash

Year Region
20.000
2000 |  Africa
2002 Asia Pacific/Middle East
After contributing 2004 Bitumen (Candada Consolidated)
negative  cash 2006 Canada
15.000 flow for much of 2008 EA-Russia
the decade, the 2010 Equity Affiliates
Many of ConocoPhillips’ new us :?md Canada H Equity Affiliates-Asia-Pac/Mid East
Equity Affiliate reporting contrlbute'd cash h Europe
regions (added in 2007) have Canada  Surplus in 2009 Cas
10.000 operated in cash deficit territory and_ 20_10' m Us
(e.g. Asia-Pac/Mid East and partially reflecting
Russia). an improvement
in commodity
prices.
Equity Affiliates-Asia-Pac/Mid East . . IUS
5.000 Equity Affiliated
EA-Russia . . - . .
Africa Asia Pacific/Middle Easi
Bitumen (£arcdada Consolidated) Similar to many 